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Preface
Electricity is a key component of the fabric of modern society and the Electric Reliability Organization (ERO) Enterprise serves to strengthen that fabric. The vision 
for the ERO Enterprise, which is comprised of the North American Electric Reliability Corporation (NERC) and the six Regional Entities (REs), is a highly reliable and 
secure North American bulk power system (BPS). The ERO Enterprise's mission is to assure the effective and efficient reduction of risks to the reliability and security 
of the grid. 

Reliability | Resilience | Security
Because nearly 400 million citizens in North America are counting on us

The North American BPS is divided into six RE boundaries as shown in the map below. The multicolored area denotes overlap as some load-serving entities partici-
pate in one Region while associated Transmission Owners/Operators participate in another.
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About This Assessment

Development Process
This assessment was developed based on data and narrative information col-
lected by NERC from the six REs on an assessment area basis to independently 
assess the long-term reliability of the North American BPS while identifying 
trends, emerging issues, and potential risks during the 10-year assessment 
period. The Reliability Assessment Subcommittee (RAS) supports the develop-
ment of this assessment at the direction of NERC’s Planning Committee (PC) 
through a comprehensive and transparent peer review process that leverages 
the knowledge and experience of system planners, RAS members, NERC staff, 
and other subject matter experts. This peer review process ensures the accu-
racy and completeness of all data and information. This assessment was also 
reviewed by the PC, and the NERC Board of Trustees (Board) subsequently 
accepted this assessment and endorsed the key findings.
The Long-Term Reliability Assessment (LTRA) is developed annually by NERC 
in accordance with the ERO’s Rules of Procedure1 and Title 18, § 39.112 of the 
Code of Federal Regulations, also referred to as Section 215 of the Federal 
Power Act, which instructs NERC to conduct periodic assessments of the North 
American BPS.3

Considerations
Projections in this assessment are not predictions of what will happen but are 
based on information supplied in July 2019 about known system changes with 
updates incorporated prior to publication. The assessment period for the 2019 
LTRA includes projections for 2020–2029; however, some figures and tables ex-
amine data and information for the 2019 year. The assessment was developed 
using a consistent approach for projecting future resource adequacy through 
the application of NERC’s assumptions and assessment methods. NERC’s stan-
dardized data reporting and instructions were developed through stakeholder 
processes to promote data consistency across all the reporting entities that are 
further explained in the Demand Assumptions and Supply Categories section. 

1 NERC Rules of Procedure - Section 803
2 Section 39.11(b) of FERC’s regulations states the following: “The Electric Reliability Organi-
zation shall conduct assessments of the adequacy of the Bulk-Power System in North America 
and report its findings to the Commission, the Secretary of Energy, each RE, and each Regional 
Advisory Body annually or more frequently if so ordered by the Commission.”
3 BPS reliability, as defined in the How NERC Defines BPS Reliability section of this report, does 
not include the reliability of the lower-voltage distribution systems that account for 80% of all 
electricity supply interruptions to end-use customers.

Reliability impacts related to physical and cyber security risks are not specifi-
cally addressed in this assessment; this assessment is primarily focused on re-
source adequacy and operating reliability. NERC leads a multi-faceted approach 
through the Electricity-Information Sharing and Analysis Center to promote 
mechanisms to address these risks, including exercises and information-sharing 
efforts with the electric industry.
The LTRA data used for this assessment creates a reference case dataset that 
includes projected on-peak demand and energy, demand response (DR), re-
source capacity, and transmission projects. Data and information from each 
NERC Region are also collected and used to identify notable trends and emerg-
ing issues. This bottom-up approach captures virtually all electricity supplied 
in the United States, Canada, and portion of Baja California Norte, Mexico. 
NERC’s reliability assessments are developed to inform industry, policymakers, 
and regulators and to aid NERC in achieving its mission to ensure the reliability 
of the North American BPS.
In this LTRA, the baseline information on future electricity supply and demand 
is based on several assumptions:4 

•	 Supply and demand projections are based on industry forecasts sub-
mitted and validated in July 2019. Any subsequent demand forecast 
or resource plan changes may not be fully represented; however, up-
dated data may be submitted throughout the drafting time frame and 
included if appropriate (May–November). 

•	 Peak demand and Planning Reserve Margins (PRMs) are based on av-
erage weather conditions and assumed forecast economic activity at 
the time of submittal. Weather variability is discussed in each Region’s 
self‐assessment. 

•	 Generating and transmission equipment will perform at historical avail-
ability levels. 

4 Forecasts cannot precisely predict the future. Instead, many forecasts report probabilities 
with a range of possible outcomes. For example, each regional demand projection is assumed 
to represent the expected midpoint of possible future outcomes. This means that a future year’s 
actual demand may deviate from the projection due to the inherent variability of the key factors 
that drive electrical use, such as weather. In the case of the NERC regional projections, there 
is a 50% probability that actual demand will be higher than the forecast midpoint and a 50% 
probability that it will be lower (50/50 forecast).
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•	 Future generation and transmission facilities are commissioned and 
in‐service as planned, that planned outages take place as scheduled, 
and retirements are scheduled as proposed. 

•	 Demand reductions expected from dispatchable and controllable de-
mand response (DR) programs will yield the forecast results if they 
are called on. 

•	 Other peak demand‐side management programs, such as energy ef-
ficiency (EE) and price‐responsive DR, are reflected in the forecasts of 
total internal demand.

Reading this Report	
This report is compiled into two major parts: 

•	 ERO-Wide Reliability Assessment 
	 Evaluate industry preparations in place to meet projections 

and maintain reliability 
	 Identify trends in demand, supply, and reserve margins 
	 Identify emerging reliability issues 
	 Focus the industry, policymakers, and the general public’s at-

tention on BPS reliability issues 
	Make recommendations based on an independent NERC reli-

ability assessment process 
•	 Regional Reliability Assessment

	 10-year data dashboard
	 Summary assessments for each assessment area 
	 Focus on Region‐specific issues identified through industry 

data and emerging issues 
	 Identify regional planning processes and methods used to en-

sure reliability
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Executive Summary
The electricity sector is undergoing significant and rapid change that presents 
new challenges and opportunities for reliability. With appropriate insight, care-
ful planning, and continued support, the electricity sector will continue to 
navigate the associated challenges in a manner that maintains reliability and 
resilience. 

As NERC has identified in recent assessments, retirements of conventional 
generation and the rapid addition of variable resources, primarily wind and 
solar, are altering the operating characteristics of the grid in some areas. Natu-
ral gas generation is providing the system with increasing flexibility; however, 
if an area’s fuel delivery infrastructure is constrained, a significant influx of 
natural gas generation raises questions about how disruptions on the natural 
gas pipeline systems impact electric system reliability. 

Distributed energy resources (DERs) and storage are increasingly offering elec-
tricity customers an option to reduce energy costs and create additional resil-
ience. By their nature, DERs are increasingly being implemented at the electric 
distribution level, resulting in a possible net source of power injected into the 
BPS instead of being load. This change will require a strong transmission system 
with good links to the distri¬bution system to maintain an appropriate balance 
between load, variable energy resources (VERs), and energy storage devices.

While risks and corresponding mitigations may be unique to each area, indus-
try stakeholders and policymakers should continue to respond with policies 
and plans that support a reliable BPS and a strong linkage to the distribution 
system to enhance the vision of the interactions between the distribution and 
transmission systems. 

This 2019 LTRA serves as a comprehensive, reliability-focused perspective on 
the 10-year outlook for the North American BPS and identifies potential risks 
to inform industry planners and operators, regulators, and policymakers. 
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Key Findings
Based on data and information collected for this assessment, NERC has identified four key findings:
Resource Adequacy: Projected reserves fall below the Reference Margin Level in TRE-ERCOT and NPCC-Ontario; there is sufficient generation supply in all other 
areas:

•	 The Anticipated Reserve Margin (ARM) in TRE-ERCOT is projected below the Reference Margin Level (RML) in most of the first five-year period, but if ad-
ditional Tier 2 resources in development come into service, they are more than sufficient to exceed the RML.

•	 NPCC-Ontario projects a shortfall beginning in 2023 that is driven by nuclear retirements and refurbishments; however, market mechanisms that secure 
incremental capacity are expected to begin addressing the shortfall in future capacity auctions.

•	 The emerging risk of energy deficiencies is being identified during off-peak conditions in the Midcontinent Independent System Operator (MISO) area and 
the Western Electricity Coordinating Council (WECC) Region.

•	 Sufficient resources are planned to be available throughout the assessment period in all other areas.

Resource Mix Changes: Resource mix changes are driven by the addition of large amounts of new wind, solar, and natural gas resources: 

•	 Some areas of North America have and continue to see more rapid resource mix changes with North America as a whole having a diverse fuel mix. 
•	 Over 330 GW of installed capacity from solar and wind are planned through 2029.
•	 To accommodate large amounts of solar and wind generation, additional flexible resources are needed to offset ramping and variability.
•	 Solutions to inverter-based resource interconnection challenges are being implemented to reliably accommodate more resources.
•	 The growth in natural gas generation requires continued and coordinated planning to maintain appropriate fuel assurance; guidance is currently being 

developed by the Electric Gas Working Group (EGWG).

Storage and Distributed Energy Resources: Large amounts of storage and distributed energy resources require coordinated interconnection and a robust trans-
mission system:

•	 A total of 8 GW of BPS-connected electric storage is expected by 2024.
•	 A total of 35 GW of distributed solar PV is expected by 2024.
•	 Increasing installations of DERs modify how distribution and transmission systems interact with each other. 
•	 Transmission Planners and Operators may not have complete visibility and control of DERs, but information and data is needed for system planning, fore-

casting, and modeling as growth becomes considerable.

Transmission Infrastructure: Transmission planning and infrastructure development need to keep pace with an increasing amount of utility scale wind and solar 
resources:

•	 Under 15,000 circuit miles of new transmission is expected over the next 6 years; this is considerably less than the nearly 40,000 circuit miles planned earlier 
this decade.

•	 Many new VERs will be located in areas remote from demand centers and existing transmission infrastructure. In some areas, such as SPP and ERCOT, the 
level of VERs are reaching full subscription of the transmission network and exhaust current as well as planned transmission capacity.
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Recommendations
Based on the identified key findings, the grid is transforming with the intercon-
nection of new resources with different characteristics and requirements. NERC 
has formulated the following recommendations, some of which will require the 
development, validation, and application of new methods, designs, devices, 
and simulation models:

The ERO should enhance the reliability assessment process by incorporating 
energy adequacy metrics and evaluating scenarios posing the greatest risk.
The ERO recognizes that the changing resource mix, shifting demands, and 
other factors can have a significant effect on resource adequacy. As a result, 
the ERO is incorporating more probabilistic methods and other analysis ap-
proaches to provide vital and rich insights to effectively assess reliability of the 
evolving systems with energy-limited and uncertain resources. While the ERO 
has historically gauged resource adequacy by using solely planning reserve 
margins focused at peak demand hour, the ERO will expand its use of proba-
bilistic approaches in the 2020 LTRA to support assessment of resource and 
energy adequacy across all hours.

The ERO should increase its communication and outreach with state and 
provincial policymakers on resource adequacy risks and challenges. 
As more resources are located on the distribution system, it is important that 
the ERO effectively communicates resource adequacy risk to its state and pro-
vincial stakeholders. The ERO’s independent and objective assessment is a valu-
able resource to regulatory and policy making stakeholders that are ultimately 
responsible for their jurisdictions’ resource adequacy and distribution systems. 
The changing resource mix creates new technical challenges that are complex 
and complicated, requiring even greater engagement and outreach. The ERO 
Enterprise, strengthened by NERC and RE engagement at the state and provin-
cial levels, will amplify and enhance outreach toward providing guidance and 
information to support continued reliable operation of the BPS.

The ERO should publish reliability guidelines, develop requisite tools, and 
validate models to establish common industry practices for planning and 
operating the BPS with increasing energy limitations and disruption risks. 
Given the increased reliance on resources that have a higher level of fuel uncer-
tainty than the previous fleet, system planners should identify potential system 
risks that could occur under extreme but realistic contingencies and under 
various future supply portfolios. Proper software applications and modeling 
are required to support system planners performing these studies.

Industry should identify, design, and commit flexible resources needed to 
meet increasing ramping and variability requirements.
Presently, concerns associated with ramping are largely confined to California. 
However, as solar generation increases in California and various parts of North 
America, system planners will need to ensure that sufficient flexibility is avail-
able to operators to offset variability and fuel uncertainty. 

The ERO and industry need to work together to ensure system studies incor-
porate DER impacts.
As the penetration of DERs continues to increase across the North American 
BPS, it is necessary to account for DERs in the planning, operation, and design 
of the BPS. System operators and planners should gather data as early as pos-
sible about the aggregate technical specifications of DERs connected to local 
distribution grids to ensure accurate and valid system planning device and 
simulation models, load forecasting, coordinated system protection, and real-
time situation awareness. In areas with large or emerging DER penetrations, 
current operational models and system studies do not properly account for 
DERs. These models and studies will need to be improved to accurately rep-
resent the system’s behavior. 

The ERO should assess the implications of electricity storage on BPS planning 
and operations.
Electricity storage has the potential to offer much needed capabilities to the 
grid of the future. Based on data received in the resource information collected 
to support this assessment, there will be an increase of BPS-connected storage 
in the future; this may even be accelerated if the conditions are right. Before 
this storage is built and integrated into the BPS, the ERO should identify, assess, 
and report on the risks and potential mitigation approaches to accommodate 
large amounts of energy storage on BPS reliability.

In future assessments, the ERO should review challenges in transmission 
development and reliability risks due to the changing resource mix.
To accommodate large amounts of variable generation and to meet policy ob-
jectives associated with renewables in a reliable and economic manner, more 
transmission may be needed. For example, to meet the renewable energy 
requirements, transmission may be required to ensure that transfer of large 
amounts of energy can be supported when it becomes available. The ERO 
should assess and evaluate if the decreasing amount of transmission projects 
presents any future reliability risks or concerns. 

See the Recommendations Tracking Matrix for more information.
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How NERC Defines BPS Reliability
NERC defines the reliability of the interconnected BPS in terms of two basic and functional aspects:

Adequacy: The ability of the electric system to supply the aggregate electric power and energy requirements of the electricity consumers at all times, taking into account 
scheduled and expected unscheduled outages of system components
Operating Reliability: The ability of the electric system to withstand sudden disturbances, such as electric short circuits or unanticipated loss of system components

For adequacy, system operators can and should take controlled actions or introduce procedures to maintain a continual balance between supply and demand within a balanc-
ing area (formerly control area). These actions include the following:
•	 Public appeals
•	 Interruptible demand that the end‐use customer makes available to its load serving entities (LSEs) via contract or agreement for curtailment5

•	 Voltage reductions (sometimes referred to as “brownouts” because incandescent lights will dim as voltage is lowered, sometimes as much as 5%) 
•	 Rotating blackouts (The term “rotating” is used because each set of distribution feeders is interrupted for a limited time, typically 20–30 minutes, and then those feeders 

are put back in service and another set is interrupted, rotating the outages among individual feeders.)
Operating reliability disturbances result in the unplanned and/or uncontrolled interruption of customer demand regardless of cause. When these interruptions are contained 
within a localized area, the interruptions are considered unplanned interruptions or disturbances. When the interruptions spread over a wide area of the grid, they are referred 
to as “cascading blackouts,” the uncontrolled successive loss of system elements triggered by an incident at any location. The intent of NERC Reliability Standards is to deliver 
an adequate level of reliability,6 which is defined by the following characteristics:
Adequate Level of Reliability: It is the state that the design, planning, and operation of the Bulk Electric System (BES) will achieve when the following reliability performance 
objectives are met:

•	 The BES does not experience instability, uncontrolled separation, cascading,7 and collapse under normal operating conditions and/or voltage when subject to predefined 
disturbances.8

•	 BES frequency is maintained within defined parameters under normal operating conditions and when subject to predefined disturbances.
•	 BES voltage is maintained within defined parameters under normal operating conditions and when subject to predefined disturbances.
•	 Adverse reliability impacts on the BES following low probability disturbances (e.g., multiple BES contingences, unplanned/uncontrolled equipment outages, cyber security 

events, and malicious acts) are managed.
•	 Restoration of the BES after major system disturbances that result in blackouts and widespread outages of BES elements is performed in a coordinated and controlled 

manner.
•	 For rare severe events, BES owners and operators may not be able to apply economically justifiable or practical measures to prevent or mitigate an adverse reliability 

impact on the BES even if these events can result in cascading, uncontrolled separation, or voltage collapse. Rare severe events include losing an entire right of way due 
to a tornado, multiple transmission facilities outages due to a hurricane, sizeable disruptions to natural gas infrastructure impacting multiple generation resources, or 
other severe phenomena.

5  Interruptible demand (or interruptible load) is a term used in NERC Reliability Standards. See Glossary of Terms used in reliability standards: https://www.nerc.com/files/glossary_of_terms.pdf 
6 https://www.nerc.com/comm/Other/Adequate%20Level%20of%20Reliability%20Task%20Force%20%20ALRTF%20DL/Final%20Documents%20Posted%20for%20Stakeholders%20and%20
Board%20of%20Trustee%20Review/2013_03_26_Technical_Report_clean.pdf 
7 NERC’s Glossary of Terms defines Cascading: “Cascading results in widespread electric service interruption that cannot be restrained from sequentially spreading beyond an area predeter-
mined by studies.”
8 NERC’s Glossary of Terms defines Disturbance: “1. An unplanned event that produces an abnormal system condition. 2. Any perturbation to the electric system. 3. The unexpected change in 
ACE that is caused by the sudden failure of generation or interruption of load.”

https://www.nerc.com/files/glossary_of_terms.pdf
https://www.nerc.com/comm/Other/Adequate%20Level%20of%20Reliability%20Task%20Force%20%20ALRTF%20DL/Final%20Documents%20Posted%20for%20Stakeholders%20and%20Board%20of%20Trustee%20Review/2013_03_26_Technical_Report_clean.pdf
https://www.nerc.com/comm/Other/Adequate%20Level%20of%20Reliability%20Task%20Force%20%20ALRTF%20DL/Final%20Documents%20Posted%20for%20Stakeholders%20and%20Board%20of%20Trustee%20Review/2013_03_26_Technical_Report_clean.pdf
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Detailed Key Findings

Key Finding 1: Projected Reserves Continue to Fall below the Reference Margin Level in TRE-ERCOT, NPCC-Ontario Falls 
below the RML in 2023, and there Is Sufficient Generation Supply in all other Areas.

Key Points
•	 The ARM in TRE-ERCOT is projected below the RML) in most of the first five-year period, but if additional Tier 2 resources in development come into service, 

they are more than sufficient to exceed the RML.
•	 NPCC-Ontario projects a shortfall beginning in 2023 that is driven by nuclear retirements and refurbishments; however, market mechanisms that secure 

incremental capacity are expected to begin addressing the shortfall. 
•	 Emerging energy deficiency risks are being identified during off-peak conditions in MISO and WECC.
•	 Sufficient resources are planned to be available throughout the assessment period in all other areas.

For the majority of the BPS, PRMs appear sufficient to maintain reliability during the long‐term, ten-year horizon. However, there are challenges facing the electric 
industry that may shift industry projections and cause NERC’s assessment to change. Where markets exist, signals for new capacity must be effective for planning 
purposes and reflect the lead times necessary to construct new generation, any requisite natural gas infrastructure, and any associated transmission. Although gen-
erating plant construction lead times have been significantly reduced, environmental permitting and pipeline and transmission planning and approval still require 
significant lead times.9

How NERC Evaluates Resource Adequacy
PRMs are calculated by finding the difference between the amount of projected on-peak capacity and the normal projected peak demand and then dividing this 
difference by the normal projected peak demand. NERC assesses resource adequacy by evaluating each assessment area’s PRM relative to its RML—a “target” 
or requirement based on traditional capacity planning criteria. The projected resource capacity used in the evaluations is reduced by known operating limita-
tions (e.g., fuel availability, transmission limitations, environmental limitations) and compared to the RML, which represents the desired level of risk based on 
a probability-based loss-of-load analysis. 
On the basis of the five-year projected reserves compared to the established RML, as shown in Figure 1, NERC determines the risk associated with the projected 
level of reserve and concludes in terms of the following:

Adequate: The ARM is greater than RML.
Marginal: The ARM is lower than RML, and the Prospective Reserve Margin is higher than RML. 
Inadequate: The Anticipated and Prospective Reserve Margins are less than the RML, and Tier 3 resources are unlikely to advance.

9 Capacity supply and Planning Reserve Margin projections in this assessment do not necessarily take into account all generator retirements that may occur over the next 10 years or account for all 
replacement resources explicitly linked with potential retiring resources. While some generation plants have already announced and planned for retirement, there are still many economically vulner-
able generation resources that have not determined and/or announced their plans for retirement. 
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As shown in Figure 1, all assessment areas remain above the Anticipated RML through 2024 with the exception of TRE-ERCOT and NPCC-Ontario.

Figure 1: Anticipated and Prospective Reserve Margins for 2024 Peak Season by Assessment Area

The results of NERC’s risk determination for all assessment areas is shown in Table 1. NPCC-Ontario and TRE-ERCOT are identified as “Marginal” with all other areas 
identified as “Adequate” through 2024. While NPCC-Ontario shows only a very small shortfall, TRE-ERCOT shows a shortfall of over 4,000 MW. 
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Table 1: NERC’s Risk Determination of All Assessment Areas
5-Year Projected Reserve Margins

Assessment Area

2024 Peak 
Anticipated 

Reserve 
Margin

2024 
Reference 

Margin 
Level

Expected 
Capacity 

Surplus or 
Shortfall 

(MW)

Assessment 
Result Through 

2024

MISO 17.5% 16.8% 877 Adequate

MRO-Manitoba 17.6% 12.0% 269 Adequate

MRO-SaskPower 16.6% 11.0% 219 Adequate

NPCC-Maritimes 26.0% 20.0% 320 Adequate

NPCC-New England 27.3% 17.8% 2,261 Adequate

NPCC-New York 25.3% 15.0% 3,152 Adequate

NPCC-Ontario 17.3% 20.1% -615 Marginal

NPCC-Quebec 13.7% 12.8% 324 Adequate

PJM 34.3% 15.7% 26,779 Adequate

SERC-C 32.0% 15.0% 3,862 Adequate

SERC-E 28.1% 15.0%  6,828 Adequate

SERC-FP 25.3% 15.0% 4,827 Adequate

SERC-SE 36.5% 15.0% 9,875 Adequate

SPP 23.0% 12.0% 5,966 Adequate

TRE-ERCOT 7.8% 13.75% -4,859 Marginal

WECC-AB 20.9% 10.1% 1,326 Adequate

WECC-BC 14.8% 10.1% 577 Adequate

WECC-CAMX 15.7% 13.9% 958 Adequate

WECC-NWPP-US 22.1% 15.8% 3,288 Adequate

WECC-RMRG 16.7% 12.4% 590 Adequate

WECC-SRSG 14.5% 11.0% 916 Adequate

NERC Planning Reserve Margin Categories
Anticipated Resources

•	 Existing-Certain Generating Capacity: includes operable capacity 
expected to be available to serve load during the peak hour with 
firm transmission 

•	 Tier 1 Capacity Additions: includes capacity that is either under 
construction or has received approved planning requirements 

•	 Firm Capacity Transfers (Imports Minus Exports): transfers with 
firm contracts

•	 Confirmed Retirements: capacity with formalized and approved 
plans to retire

Prospective Resources
•	 Anticipated Resources: as described above
•	 Existing-Other Capacity: includes operable capacity that could be 

available to serve load during the peak hour but lacks firm trans-
mission and could be unavailable during the peak for a number 
of reasons

•	 Tier 2 Capacity Additions: includes capacity that has been re-
quested but approval for planning requirements not received

•	 Expected (Nonfirm) Capacity Transfers (Imports Minus Exports): 
transfers without firm contracts but a high probability of future 
implementation 

•	 Unconfirmed Retirements: capacity that is expected to retire 
based on the result of an assessment area generator survey or 
analysis (This capacity is aggregated by fuel type.)



13

Planning Reserve Margins in TRE-ERCOT 
The projected 5-year ahead ARMs falls below the RML of 13.75% in the first 
year—Summer 2020, increasing above the RML in 2021 and falling below the 
RML for the remainder of the LTRA forecast period (Figure 2). The 2020 ARM 
is projected to be 10.2% and 7.8% by 2024. This is consistent with the findings 
of the past two LTRAs. The near-term deficiency in the ARM is mainly due to 
the following:10

•	 An increase in the forecasted summer peak demands, averaging about 
a 1,300 MW increase from 2019 through 2023

•	 The mothballing and subsequent retirement of the 470 MW Gibbons 
Creek coal-fired plant, beginning in October 2018

•	 Cancellation of two planned natural-gas-fired generation projects with 
projected 2020 and 2021 in-service dates (combined 1,439 MW sum-
mer rating) along with the cancellation of the planned Bethel Com-
pressed Air Energy Storage project (324 MW, projected 2020 in-service 
date)

•	 Cancellations of several planned wind projects, totaling over 2,100 
MW of installed capacity

ERCOT has a variety of operational tools to help manage tight reserves and 
maintain system reliability. For example, control room operators can release 
ancillary services (including load resources that can provide various types of 
operating reserves depending on meeting certain qualification criteria), deploy 
contracted emergency response service resources, instruct investor-owned 
utilities to call on their load management and distribution voltage reduction 
programs, request emergency power across the dc ties, and request support 
from available switchable generators currently serving non-ERCOT grids. ERCOT 
estimates that 2,000–3,000 MW of additional resources will become available 
when an energy emergency alert is declared.
To respond to such cyclical resource investment and retirement trends, the 
ERCOT market is designed to incentivize increases in supply along with tem-
porary reductions in demand to maintain the reliability of the system. For 

10 Generation interconnection queues in the ERCOT area are continually changing and the 
pace of queue entry has increased since tight conditions in late Summer 2019. Data used in 
ERCOT ISO's December 5, 2019, Capacity, Demand and Reserves Report shows a higher future 
peak reserve range of 18%–13% versus 15%–8% in the LTRA for the years 2021 to 2024. Primary 
differences between this 2019 LTRA and the Capacity, Demand, and Reserves Report reflect a 
downward revision to the ERCOT load forecast of approximately 1%–1.5% with a marked increase 
in utility-scale solar expected in Summer 2021. 
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Figure 2: TRE-ERCOT 5-year Projected Reserves (ARM and PRM)

example, there are programs operated by ERCOT, retail electric providers, and 
distribution utilities that compensate customers for reducing their demand or 
operating their own generation in response to market prices and anticipated 
capacity scarcity conditions. ERCOT also has operational tools available to main-
tain system reliability, such as calling upon demand response (DR) resources 
that are qualified to provide ancillary services, requesting emergency power 
across the dc ties to neighboring grids, and requesting emergency support 
from available switchable generators currently serving non-ERCOT grids. How-
ever, insufficient reserves during peak hours could lead to an increased risk of 
entering emergency operating conditions, including the possibility of rotating 
firm load outages.
Since 2010, a downward trend in ERCOT’s reserve margins has led to scarce 
resources during the peak and less operating flexibility (Figure 3). To some ex-
tent, this is an expected outcome of managing resource adequacy through an 
energy-only market construct.11 In Texas, regulators ensure reliability through 
a mechanism called scarcity pricing, allowing real-time electricity prices to 
reach as high as $9,000/megawatt hour (MWh) in response to capacity short-
age conditions. Instead of guaranteeing revenue to capacity resources through 
a capacity market, the opportunity of high prices is intended to incentivize 
generators to build new plants and keep them ready to operate. Recent per-
formance over the last several years has proven the ERCOT market and system 

11 Energy-only markets pay resources only when they provide energy on a day-to-day basis. 
Conversely, capacity markets aim to ensure resource adequacy by paying resources to commit 
capacity for delivery years into the future, in addition to energy payments. 

http://www.ercot.com/content/wcm/lists/167023/CapacityDemandandReserveReport-Dec2019.pdf
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operations to be successful with no load shedding events despite setting a new 
system-wide peak demand record of 73,308 MW on July 19, 2018, and another 
record of 74,666 MW on August 12, 2019.

Planning Reserve Margins in NPCC-Ontario 
The ARM falls below the RML to 15% starting in 2023 and 17% in 2024 (Figure 
4). This is driven primarily by nuclear retirements and the nuclear refurbish-
ment program. The RML for the summer peak varies over the 10-year period 
from 19%–26%. Additional reserves are required in 2020 to account for the 
risk that nuclear refurbishments are not completed on schedule. This risk var-
ies from year-to-year. More reserves are needed when nuclear resources are 
off-line due to nuclear’s high availability compared to the other resources that 
will need to replace it. The Independent Electricity System Operator’s (IESO’s) 
long-term planning forecast anticipates there will be sufficient energy to meet 
demand and a limited need for new domestic capacity if existing Ontario re-
sources are reacquired when their contracts expire.

The IESO is evolving its capacity market from the existing demand re-
sponse (DR) auction to a capacity auction. Over the coming years, this auc-
tion will allow additional resources to participate, such as off-contract 
generators. imports, storage, and enhancements of current facilities. 

Figure 3: TRE-ERCOT Historical Projected Reserve Margins*
*Projections are Year-1 projections from prior LTRAs. For example, the 2010 value is based on 
the 2009 LTRA’s 2010 projection.

Figure 4: NPCC-Ontario 5-year Projected Reserves (ARM and PRM)
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Emerging Reliability Considerations
•	 Seasonality of Loss-of-Load Risk: As the resource mix continues to 

change, the increase in energy-limited resources and other factors 
influence resource adequacy. The MISO and WECC-CAMX assessment 
areas are beginning to see signs of potential energy deficits in the next 
five years. While traditionally the risk is observed during the summer 
and winter peak conditions, potential risk is being observed during 
shoulder and off-peak periods when solar and/or wind output is low.12 
Through periodical probabilistic assessments, the ERO is monitoring 
the potential for energy deficiencies for all hours. 

12 2018 Long-Term Reliability Assessment: https://www.nerc.com/pa/RAPA/ra/Reliability%20
Assessments%20DL/NERC_LTRA_2018_12202018.pdf

https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_LTRA_2018_12202018.pdf
https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_LTRA_2018_12202018.pdf
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•	 Potential Implications of Significant Unanticipated Electricity De-
mand Growth: A rapid onset of transportation-related or industrial 
demand could create unexpected load growth. Automobiles are now 
increasingly battery-powered. Electric heating is also driving efficiency 
increases as heat pumps replace other forms of heating, including 
natural gas, oil, and direct electric heating on broader scales. 
Plug-in electric vehicles are projected to account for as much as half 
of all United States new car sales by 2030. The electricity required to 
charge these vehicles will increase demand on BPS. Scenario analysis 
is the best method to understand these potential risks. For example, 
how might a three-fold increase in electric vehicle penetration by 2028 
affect the reliability of the BPS? Would there be a change in planning 
and/or operating reserve requirements? Would charging patterns af-
fect ramping needs? 

Recommendations

The ERO should enhance the reliability assessment process by incorporating 
energy adequacy metrics and evaluating scenarios posing the greatest risk.
The ERO recognizes that the changing resource mix, shifting demands, and 
other factors can have a significant effect on resource adequacy. As a result, 
the ERO is incorporating more probabilistic methods and other analysis ap-
proaches to provide vital and rich insights to effectively assess reliability of the 
evolving systems with energy-limited and uncertain resources. While the ERO 
has historically gauged resource adequacy by using solely planning reserve 
margins focused at peak demand hour, the ERO will expand its use of proba-
bilistic approaches in the 2020 LTRA to support assessment of resource and 
energy adequacy across all hours.

The ERO should increase its communication and outreach with state and 
provincial policymakers on resource adequacy risks and challenges. 
As more resources are located on the distribution system, it is important that 
the ERO effectively communicates resource adequacy risk to its state and pro-
vincial stakeholders. The ERO’s independent and objective assessment is a valu-
able resource to regulatory and policy making stakeholders that are ultimately 
responsible for their jurisdictions’ resource adequacy and distribution systems. 
The changing resource mix creates new technical challenges that are complex 
and complicated, requiring even greater engagement and outreach. The ERO 
Enterprise, strengthened by NERC and RE engagement at the state and provin-
cial levels, will amplify and enhance outreach toward providing guidance and 
information to support continued reliable operation of the BPS.
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Key Finding 2: Resource Mix Changes Driven by the Addition of Large Amounts of New Wind, Solar, and Natural Gas Re-
sources.

Key Points
•	 While some areas of North America have and continue to see more rapid resource mix changes, North America has a diverse fuel mix and modest changes 

are currently planned over the 10-year period as a whole.
•	 Over 330 GW of installed capacity from solar and wind are planned through 2029.
•	 To accommodate large amounts of solar and wind generation, additional flexible resources are needed to offset ramping and variability.
•	 Solutions to inverter and protection challenges are being implemented to reliably accommodate more resources.
•	 The growth in natural gas generation requires continued and coordinated planning to maintain appropriate fuel assurance; guidance is currently being 

developed by the EGWG.

Fuel Mix Changes
Figure 5 identifies the components of the fuel mix for the United States and Canada as a whole. From an installed capacity perspective, wind and solar resources 
have the largest impact to the North American generation fleet with a combined increase from 15% in 2019 to 26% by 2029. Coal and nuclear are projected to 
decrease from 20% and 9%–16% and 7%, respectively. Included in the “Other” category is battery storage, among other forms of generation.

Figure 5: Installed Nameplate Capacity by Fuel Mix Trend (Includes Future Tier 1 Resources) 

2019 2029
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Figure 6: Installed On-Peak Anticipated Capacity Trend by Fuel Mix

NERC Capacity Supply Categories
	 Future capacity additions are reported in three categories:

Tier 2: Planned capacity that meets at least one of the following require-
ments are included as prospective resources:

•	 Signed/approved completion of a feasibility study
•	 Signed/approved completion of a system impact study
•	 Signed/approved completion of a facilities study
•	 Requested Interconnection service agreement
•	 Included in an integrated resource plan or under a regulatory envi-

ronment that mandates a resource adequacy requirement (applies 
to regional transmission organizations (RTOs)/ISOs)

Tier 3: Tier 3 is other planned capacity that does not meet any of the above 
requirements.

Tier 1: Planned capacity that meets at least one of the following require-
ments are included as anticipated resources:

•	 Construction complete (not in commercial operation)
•	 Under construction
•	 Signed/approved Interconnection service agreement
•	 Signed/approved power purchase agreement
•	 Signed/approved Interconnection construction service agreement
•	 Signed/approved wholesale market participant agreement
•	 Included in an integrated resource plan or under a regulatory envi-

ronment that mandates a resource adequacy requirement (applies 
to vertically integrated entities)

Figure 6 shows the installed capacity composition of generating resources NERC-wide as of July 2019 compared to the projected installed capacity composition of 
2029 (includes Tier 1 additions). Installed nameplate capacity suggests what resource is capable of producing at its maximum potential output. Notably, wind and 
solar increase from a combined 10–a combined 16%. 
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Figure 7 shows the on peak capacity composition of generating resources 
NERC-wide as of July 2019 compared to the projected on peak capacity com-
position of 2029 (includes Tier 1 additions). On-peak capacity gives an idea of 
what a resource is capable of producing at peak demand. Notably, wind and 
solar increase from a combined 10–a combined 16%. 

In addition to natural-gas-fired generation, solar additions provide the second 
most additions to capacity to the overall North American fuel mix with ap-
proximately 18 GW of Tier 1 capacity (Figure 7). Tier 1 wind additions total to 
almost 11 GW of capacity. When considering Tier 2 resources, up to 88 GW of 
solar and 27 GW of wind are projected (Figure 8). These projections are used 
for peak reserve margin purposes and are different than the solar resource 
nameplate capacity.13 

13 The nameplate capacity additions for 2028 are 18 GW of Tier 1 capacity and 86 GW of Tier 
2 capacity. 
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Figure 7: Tier 1 Planned Resources Projected Through 2029
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While some areas of North America have and continue to see more rapid re-
source mix changes, North America has a diverse fuel mix and modest changes 
are currently planned over the 10-year period as a whole. A 10-year projection 
of North America peak capacity is shown in Figure 9. The changes level off 
around 2024 as the majority of planning occurs five years in advance.
Figure 10 shows the net change of generating capacity since 2012 and the 
planned retirements for the forward looking 10-year period. Coal and petro-
leum both have negative net changes, an indication that coal and petroleum 
are being phased out in favor of other resources. The capacity of coal and 
petroleum is reduced by 35 GW and almost 4 GW, respectively, since 2012. 
During the same period, natural gas increased by almost 130 GW.

Figure 8: Tier 1 and 2 Planned Resources Projected Through 2029
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Figure 9: Existing, Tier 1, and 2 Planned Resources Projected through 2029
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Figure 10: Capacity Changes since 2012 and Retirements 
Projected through 2029

Operating Reliability Risks Due to Conventional Generation 
Retirements
Capacity retirements located near metropolitan areas or large load cen-
ters that have limited transmission import capability present the greatest 
potential risk to reliability. Unless these retirements are replaced with 
plants in the same vicinity, these load centers will require increased power 
imports and dynamic reactive resource replacement.14 If the transmission 
links between an area and generation sources are relatively weak, voltage 
instability can be the result; dynamic reactive power must be provided to 
prevent voltage collapse. Solutions to preventing voltage instability could 
range from extensive transmission improvements to optimal placement 
of static VAR compensators, synchronous condensers, locating new gen-
eration in the load pocket, or local energy storage. Retiring generation 
units in a generation “pocket” might cause the remaining units to become 
“reliability must run” units that often require additional actions or invest-
ments (e.g., transformers, shunt capacitors) in equipment to maintain 
voltage stability. 
Figure 11 displays the capacity retirements for the previous 7-year period 
as well as the 10-year projected cumulative retirements through 2029. 
Between the years 2012 and 2018, over 32 GW of coal generation and 
over 7 GW of natural gas generation were retired among the almost 43 
GW retired in that period of time. The cumulative projected retirements 
for the 10-year period of 2019–2029 are forecasted to exceed 46 GW in 
capacity. All of the projected nuclear retirements for the 10-year period 
occur by 2024, totaling over 10 GW of capacity. The other projected re-
tirements mostly consist of 19 GW of coal and 13.5 GW of natural gas. 
The 10-year projected retirements are based on committed retirements 
known to date and is expected to increase as the time horizon progresses.

14  Dynamic reactive support is measured as the difference between its present VAR 
output and its maximum VAR output. Dynamic reactive support is used to support system 
state transients occurring post-contingency. NERC’s Reactive Power Planning Reliability 
Guideline provides strategies and recommended practices for reactive power planning and 
voltage control and accounts for operational aspects of maintaining reliable voltages and 
sufficient reactive power capability on the BPS: https://www.nerc.com/comm/PC_Reliabil-
ity_Guidelines_DL/Reliability%20Guideline%20-%20Reactive%20Power%20Planning.pdf 
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Solar and Wind Capacity Additions
Significant solar and wind capacity additions are expected over the next 10 
years. Table 2 identifies solar and wind installed capacity additions by assess-
ment area. From an installed capacity perspective, over 335 GW of new solar 
and wind are planned through 2029, including Tier 1, 2, and 3 resources. Of 
all generation resources, future solar capacity is expected to be the largest 
contribution at 160 GW when considering Tier 1 and 2 resources and 206 GW 
when considering Tier 3 resources. Wind capacity is expected to more than 
double by 2029, and over 100 GW are planned when considering Tier 1 and 
2 resources. 

Figure 11: Nameplate Capacity Retirements since 2012 and Projected 
Cumulative Retirements through 2029
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Table 2: Solar and Wind Installed Capacity, Existing and Planned Additions through 2029

Nameplate Capacity of Solar (MW) Nameplate Capacity of Wind (MW)

Assessment Area Existing Tier 1 Tier 2 Tier 3 Total Existing Tier 1 Tier 2 Tier 3 Total

MISO 280 2,040 60,125 640 63,084 19,172 7,598 27,468 5,714 59,953

MRO-Manitoba 0 0 0 0 0 259 0 0 0 259

MRO-SaskPower 0 10 20 50 80 242 377 0 400 1,019

NPCC-Maritimes 1 3 0 0 4 1,146 80 0 30 1,256

NPCC-New England 1,206 126 509 2,555 4,396 1,390 111 4,884 5,963 12,348

NPCC-New York 32 20 0 686 738 1,898 226 1,091 3,350 6,565

NPCC-Ontario 424 54 0 0 478 4,431 460 0 0 4,891

NPCC-Quebec 0 0 0 0 0 3,776 54 0 0 3,830

PJM 1,549 3,915 41,754 0 47,219 8,012 3,419 22,538 0 33,969

SERC-C 10 268 597 3,758 4,633 486 0 0 0 486

SERC-E 491 0 0 0 491 0 0 0 0 0

SERC-FP 1,121 8,855 0 0 9,976 0 0 0 0 0

SERC-SE 1,248 893 705 2,188 5,034 0 0 0 0 0

SPP 276 0 650 25,307 26,233 20,486 300 2,500 31,905 55,191

TRE-ERCOT 1,857 7,699 27,376 26,155 63,087 22,090 14,457 15,191 5,864 57,602

WECC-AB 0 0 0 900 900 0 0 0 4,400 4,400

WECC-BC 1 1 21 79 102 702 26 0 184 912

WECC-CAMX 11,784 0 475 6,051 18,310 6,191 0 469 1,144 7,804

WECC-NWPP-US 2,479 3,352 39 0 5,869 9,764 1,134 504 0 11,402

WECC-RMRG 464 292 720 45 1,521 3,792 59 969 354 5,175

WECC-SRSG 1,399 301 167 2,807 4,673 1,162 165 99 776 2,202

Total 24,620 27,828 132,508 45,914 230,870 104,998 27,789 73,213 28,179 234,179
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Figure 12 shows the planned solar capacity for assessment areas through 
2029. MISO, PJM, and TRE-ERCOT have the most total planned, mostly Tier 2 
resources. SPP contains almost 26 GW of planned solar capacity, mostly Tier 3 
resources. WECC-CAMX leads the way with over 11 GW of current solar capac-
ity, the most currently installed. 

Figure 13 shows the planned wind capacity for assessment areas through 2029. 
As with solar, the larger footprint assessment areas of MISO, PJM, SPP, and 
TRE-ERCOT have the most total planned. MISO, SPP, and TRE-ERCOT are all 
about 20 GW of currently installed wind capacity, the only assessment areas 
with above 10 GW of installed wind capacity thus far. 

Natural Gas Capacity Additions
NERC-wide natural-gas-fired on-peak generation has increased from 280 GW 
in 2009 to 460 GW today with an additional 43 GW planned during the next 
decade—88 GW when considering Tier 2 additions as shown in Figure 14. 

Figure 12: Solar Nameplate Capacity Planned and Existing

Figure 13: Wind Nameplate Capacity Planned and Existing
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Figure 14: Natural Gas Capacity Planned Additions through 2029, 
Tier 1 and 2
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Unlike other conventional generation with on-site storage, natural gas genera-
tion uses the natural gas pipeline system to receive just-in-time fuel to burn for 
electricity production. Pipeline transportation service is subject to interruption 
and curtailment depending on the generator’s level of service. In constrained 
natural gas markets, generation without firm transportation may not be served 
during peak pipeline conditions, and arrangements for alternative fuels should 
be considered. Some plants no longer have the option of burning a liquid fuel. 
Further, regardless of fuel service arrangements, natural gas generation is sub-
ject to curtailment during a force majeure event.
In November 2017, NERC published the Special Reliability Assessment: Poten-
tial Bulk Power System Impacts Due to Severe Disruptions on the Natural Gas 
System.15 In the report, NERC made numerous recommendations for assessing 
disruptions to natural gas infrastructure and related impacts to the reliable 
operation of the BPS in planning studies. The EGWG16 was created to gather 
industry experts and drive the development of tools and other resources to 
better educate and inform the electric industry about how to reduce risks 
related to the disruption of fuel supplies.

15 https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_
SPOD_11142017_Final.pdf
16 https://www.nerc.com/comm/PC/ElectricGas%20Working%20Group%20EGWG/
EGWG%20Scope%20Document%20-%20May%202019.pdf

https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_SPOD_11142017_Final.pdf
https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_SPOD_11142017_Final.pdf
https://www.nerc.com/comm/PC/ElectricGas%20Working%20Group%20EGWG/EGWG%20Scope%20Document%20-%20May%202019.pdf
https://www.nerc.com/comm/PC/ElectricGas%20Working%20Group%20EGWG/EGWG%20Scope%20Document%20-%20May%202019.pdf
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Maintaining Fuel Assurance
Fuel assurance mechanisms offer important reliability benefits, particularly in areas with high levels of natural gas and limited pipeline infrastructure. Fuel 
assurance, while not explicitly defined, refers to the confidence system planners have in a given resource's availability based on its fuel limitations. In some 
areas, natural gas delivery pipelines were built and sized to serve customers of natural gas utilities—not specifically to serve electricity generators. Higher reli-
ance on natural gas can lead to fuel-security issues, particularly during extreme cold weather periods when demand on the natural gas delivery system can be 
stressed, exposing electric generation to fuel supply and delivery vulnerabilities.

Mechanisms that Promote Fuel Assurance Planning Considerations 

Fuel Service Agreements

•	 Service level arrangements should be considered in resource adequacy planning.

•	 In areas with constrained natural gas pipeline infrastructure, generators with firm fuel service are likely to be 
available more often than those with interruptible service.

•	 Generators that have procured firm service on a secondary market may be interrupted prematurely.

•	 Firm service does not guarantee delivery if a force majeure is in effect.

Alternative Fuel Capabilities

•	 Dual-fuel firing capability and seasonal inventories should be considered in capacity and energy adequacy 
planning. 

•	 Generators with dual fuel capabilities are likely to have greater availability than those without. 

•	 Backup fuel inventory must be maintained in order for dual fuel capabilities to promote fuel assurance. 

Pipeline Connections

•	 More pipeline connections from different sources can increase the resilience of a plant’s fuel supply.

•	 Greater fuel assurance can be reached if multiple fuel supply sources and transportation paths are used to 
supply a given generator.

Market and Regulatory Rules

•	 Market and other state, federal, and provincial rules, incentives, and penalties can be used to compel Gen-
erator Owners to perform in a manner that promotes reliability, resilience, and fuel assurance. 

•	 Regulatory policies can help attract greater access and installation of fuel supplies, including resilience in 
pipeline transportation.

Vulnerability to Disruptions

•	 Geography and access to natural resources can impact a given area’s vulnerability to disruption. 

•	 Areas at the “end of the line” will likely have an overall greater risk profile than those in close proximity to 
fuel supply sources.

•	 Areas relying on liquefied natural gas (LNG) are vulnerable to fuel supply and delivery disruptions that are 
very different to pipeline vulnerabilities, including political unrest and global prices. 

Pipeline Expansions

•	 Areas that have an increasing amount of transportation capacity being added may be reducing their risk. 

•	 Pipeline expansion into constrained areas significantly promotes fuel assurance. 
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New England is currently fuel constrained; this has been identified as one of the most significant risks to the area. Output restrictions at dual-fuel plants due to air 
emission regulations also contribute to this risk. With its existing fuel infrastructure, New England has faced challenging operating conditions, particularly in extreme 
cold weather. Given the shift in the current resource mix, these challenges are likely to extend beyond the winter season. During extreme cold periods, electricity 
needs have been met through a combination of generators using natural gas from pipelines and LNG and the now-declining nuclear, coal, and oil-fired generators. 
Although new, incremental natural-gas-fired generation is being added to the fuel mix, the regional natural gas pipelines continue to have limited fuel deliverability 
for any power generators without firm natural gas transportation contracts. Additionally, LNG deliveries to New England that are influenced by global economics and 
logistics can also be uncertain without firm supply contracts. Environmental permitting for new dual-fuel capability (typically, natural gas and fuel oil) is becoming 
more difficult under ever tightening state and federal air emissions regulations. Even when these units are granted permits, their run times for burning fuel oil are 
usually restricted to limit their ozone season (i.e., May 1–September 30) air emissions. Figure 15 shows that natural gas demand will continue to increase with no 
pipeline additions projected in the near future.

Figure 15: Natural Gas Generation Expansion in New England Compared to Interstate Pipeline Miles
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Giving heightened priority to the regional energy security issue, the Federal Energy Regulatory Commission (FERC) directed ISO New England to submit “Tariff revi-
sions reflecting improvements to its market design to better address regional fuel security concerns” in 2018.17 That directive arose amidst a contentious regulatory 
process involving shorter-term, out-of-market actions to bolster the area’s (winter) fuel supplies by delaying the retirement of the large Mystic Generating Station 
in Everett, Massachusetts. This station is fueled solely by vaporized LNG from the Distrigas LNG Import Terminal located on the Mystic River, also in Everett, MA.
Figure 16 shows the assessment areas with solar and wind resources over 5% of their peak demand for the years 2019, 2024, or both. The percentages located beside 
each bar indicate that two assessment areas have to rely on these resources to meet peak demand as their peak demand exceeds the total capacity of conventional 
resources. WECC-CAMX and TRE-ERCOT are becoming increasingly reliant on solar and wind resources to meet peak demand. In the event solar and wind output is 
below expectations, CAMX and TRE-ERCOT may need to rely on additional and/or external resources to cover the shortfall. 

17  ISO New England Inc., 164 FERC ¶ 61,003 at PP 2, 5 (2018).

Figure 16: Assessment Areas with Solar and Wind Capacity Greater than 5% of On-Peak Demand 

6.1%

14.0%

4.0% 8.6%

0

10,000

20,000

30,000

40,000

50,000

60,000

70,000

80,000

90,000

2019 2024 2019 2024 2019 2024 2019 2024 2019 2024 2019 2024

SERC-FP SERC-SE SPP TRE-ERCOT WECC-CAMX WECC-NWPP US

Conventional Generation Solar Wind Net Internal Demand

14% of Net Internal 
Demand met by solar 

Ge
ne

ra
tin

g 
Ca

pa
ci

ty
 (M

W
)



27

Emerging Reliability Considerations
Replacing coal and nuclear generation with nonsynchronous and natural-gas-
fired generation introduces new considerations for reliability planning, such as 
ensuring there is adequate inertia, ramping capability, frequency response, and 
fuel assurance on the system. NERC data and analysis indicate that inertia and 
frequency response are adequate for all Interconnections and generally trend-
ing in a positive direction. This data shows that ERCOT’s frequency response is 
highest when wind output is high.18 Specific emerging reliability considerations 
include the following:

•	 Planning for Increased Natural Gas Dependency: During the past de-
cade, several assessment areas have significantly increased depen-
dence on natural-gas-fired generation. As natural-gas-fired generation 
continues to increase, vulnerabilities associated with the natural gas 
pipeline system can potentially result in greater electric generation 
outages. As part of future transmission and resource planning studies, 
planning entities will need to more fully understand how impacts to 
the natural gas transportation system can impact electric reliability. 
Disruptions to the fuel delivery results from adverse events that may 
occur, such as line breaks, well freeze‐offs, or storage facility outages. 
The pipeline system can be impacted by events that occur on the elec-
tric system (e.g., loss of electric motor-driven compressors) that are 
compounded when multiple plants are connected through the same 
pipeline or storage facility. Although the ability to use alternate fuel 
provides a key mitigation effect, only 27% of natural-gas-fired capacity 
added in the United States since 1997 is dual fuel capable.

•	 Increasing Need for System Flexibility: In order to maintain load-and-
supply balance in real time with higher penetrations of variable supply 
and less-predictable demand, operators are seeing the need to have 
more system ramping capability. As more solar and wind generation 
is added, additional flexible resources are needed to offset these re-
sources’ variability—such as supporting solar down ramps when the 
sun goes down and complementing wind pattern changes. This can 
be accomplished by adding more flexible resources within their com-
mitted portfolios or by removing system constraints to flexibility.19 In 
particular, the following areas are currently impacted the most:

18  2019 State of Reliability Report: https://www.nerc.com/pa/RAPA/PA/Performance%20
Analysis%20DL/NERC_SOR_2019.pdf 
19  https://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERS_Measure_6_Forward_
Tech_Brief_03292018_Final.pdf

	 California: Increasing solar generation increases the need for 
flexible resources. CAISO’s 2020 solar generation projection 
increases the three-hour ramp requirement to over 18,500 
MW, approximately 8% greater than the amount projected 
for 2019. The requirement further increases to over 20,000 
MW by 2022.20

	 Texas: Changing ramping requirements induced by increasing 
amounts of wind is largely managed with improved forecast-
ing. Ramp forecasts allow ERCOT operators to curtail wind 
production and/or reconfigure the system in response to large 
changes in wind output.

Recommendations

The ERO should publish reliability guidelines, develop requisite tools, and 
validate models to establish common industry practices for planning and 
operating the BPS with increasing energy limitations and disruption risks. 
Given the increased reliance on resources that have a higher level of fuel uncer-
tainty than the previous fleet, system planners should identify potential system 
risks that could occur under extreme but realistic contingencies and under 
various future supply portfolios. Proper software applications and modeling 
are required to support system planners performing these studies.

Industry should identify, design, and commit flexible resources needed to 
meet increasing ramping and variability requirements.
Presently, concerns associated with ramping are largely confined to California. 
However, as solar generation increases in California and various parts of North 
America, system planners will need to ensure that sufficient flexibility is avail-
able to operators to offset variability and fuel uncertainty. 

20  https://www.caiso.com/Documents/2019FinalFlexibleCapacityNeedsAssessment.pdf

https://www.nerc.com/pa/RAPA/PA/Performance%20Analysis%20DL/NERC_SOR_2019.pdf
https://www.nerc.com/pa/RAPA/PA/Performance%20Analysis%20DL/NERC_SOR_2019.pdf
https://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERS_Measure_6_Forward_Tech_Brief_03292018_Final.pdf
https://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERS_Measure_6_Forward_Tech_Brief_03292018_Final.pdf
https://www.caiso.com/Documents/2019FinalFlexibleCapacityNeedsAssessment.pdf


28

Key Finding 3: Large Amounts of Storage and Distributed Energy Resources Require Coordinated Interconnection and 
Robust Transmission System.

Key Points
•	 A total of 8 GW of BPS-connected electric storage is expected by 2024.
•	 A total of 35 GW of distributed solar photovoltaic (PV) is expected by 2024.
•	 Increasing installations of DERs modify how distribution and transmission systems interact with each other. 
•	 Transmission Planners and Operators may not have complete visibility and control of DERs, but information and data is needed for system planning, fore-

casting, and modeling as growth becomes considerable.
The generation mix is undergoing a transition from large, synchronously connected generators to smaller natural-gas-fired generators, renewable energy, and DR. The 
growing interest in a more decentralized electric grid and new types of distributed resources further increases the variety of market stakeholders and technologies, 
including a variety of electric storage. Both new and conventional stakeholders are building or planning to build distributed solar PV systems, energy management 
systems, microgrids, demand services, aggregated generation behind the retail meter, and many other types of distributed generation. Many of these stakehold-
ers have considerable experience with installing such systems on the distribution network for the benefit of industrial or residential customers but may have less 
familiarity with the BPS and the coordinated activities that ensure system reliability during both normal operation and in response to disturbances. 
At low penetration levels, the effects of DERs may not present a risk to BPS reliability. However, as penetrations increase, the effect of these resources can present 
certain reliability challenges that require attention. This leads to areas where further consideration is needed to better understand the impacts and how those effects 
can be included in planning and operations of the BPS. A recent NERC report, Distributed Energy Resources: Connection, Modeling, and Reliability Considerations,21

provides a detailed assessment of DERs and their potential impact on BPS reliability.

Projection of Distributed Energy Resources
Figure 17 shows the amount of DERs NERC-wide through 2029. The amount of DERs is projected to more than double by 2029, surpassing 45 GW total capacity. 

21 NERC Distributed Energy Resources: Connection, Modeling, and Reliability Considerations: https://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/Distributed_Energy_Resources_Report.pdf 

Figure 17: NERC-Wide Cumulative Distributed Solar PV Capacity—2019 through 2029
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https://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/Distributed_Energy_Resources_Report.pdf
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Figure 18 shows the amount of DERs by assessment area by 2029. The amount 
of DERs being installed in WECC-CAMX is far beyond other assessment areas, 
totaling near 18,000 MW of solar DERs by 2029. 

Industry is already adapting by planning for the impacts of DERs. Some areas 
are already adapting in the following ways:

•	 NPCC-New England: To understand the possible impact of a large 
penetration of renewable and DERs in New England, the Region has 
conducted studies to simulate hypothetical resource scenarios for the 
years 2025 and 2030. These studies investigate the challenges of in-
tegrating renewable resources and transitioning New England to a 
hybrid system with decreasing amounts of traditional resources (e.g., 
coal, oil, and nuclear) and increasing amounts of renewable resources.

•	 NPCC-New York: Currently, DERs may participate in certain New York 
Independent System Operator (NYISO) energy, ancillary services, and 
capacity markets. In February 2017, the NYISO published a report pro-
viding a roadmap that the NYISO will use over the next three to five 
years as a framework to develop the market design elements, func-
tional requirements, and tariff language necessary to implement the 
NYISO’s vision to integrate DERs.

Figure 18: Solar DER by Assessment Area by 2029
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•	 NPCC-Ontario: The IESO is working, through the Grid-LDC Interop-
erability Standing Committee, to increase coordination between the 
grid operator and embedded resources directly or through integrated 
operations with local distribution companies with the aim to improve 
visibility of DERs and identify opportunities for a more coordinated 
operation of Ontario’s electricity system.

•	 Texas TRE-ERCOT: ERCOT initiated several DER programs that have 
been approved by stakeholders, which were originally identified in 
the March 2017 ERCOT whitepaper22 on DER reliability impacts. For 
example, all existing registered DERs (>1 MW that export to the ERCOT 
grid) are being mapped in the common information model (CIM) at 
their load point so that the DER locations will be visible to operators 
in the ERCOT control room and can be incorporated into the power 
flow, state estimator, and load forecast programs. 

•	 WECC: The impacts of DERs on the individual LSEs are well under-
stood and are in included in local assessments. For example, CAISO 
has approximately 11,800 MW of solar supply and must proportionally 
increase reserves to respond to a sudden increase in demand associ-
ated with cloud cover, rain, or inverter-related issues. Solar, rooftop or 
otherwise, is well dispersed throughout the state, which reduces the 
expectations of widespread generation disruptions due to localized 
weather conditions (overcast skies in Northern California with clear 
skies in Southern California).23 

22 March 2017 ERCOT whitepaper on DER reliability impacts: http://www.ercot.com/content/
wcm/lists/121384/DERs_Reliability_Impacts_FINAL.pdf
23 In addition to local assessments, operating states are continuously monitored: http://www.
caiso.com/TodaysOutlook/Pages/supply.aspx

http://www.ercot.com/content/wcm/lists/121384/DERs_Reliability_Impacts_FINAL.pdf
http://www.ercot.com/content/wcm/lists/121384/DERs_Reliability_Impacts_FINAL.pdf
http://www.caiso.com/TodaysOutlook/Pages/supply.aspx
http://www.caiso.com/TodaysOutlook/Pages/supply.aspx
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Projection of Electric Storage Capacity
Energy storage has the potential to offer much needed capabilities to main-
tain grid reliability and stability. With the exception of pumped hydro storage 
facilities, only a limited number of large-scale energy storage demonstration 
projects have been built. With increasing requirements for system flexibility 
as variable generation levels increase and energy storage technology costs 
decrease, bulk system and distributed stationary energy storage applications 
may become more viable and prevalent. Storage may be used for load shifting 
and energy arbitrage—the ability to purchase low-cost, off-peak energy and 
re-sell the energy during high peak, high cost periods. Storage may also pro-
vide ancillary services such as regulation, load following, contingency reserves, 
and capacity. This is true for both bulk storage, which acts in many ways like a 
central power plant, and distributed storage technologies.
At the end of 2017, approximately 708 MW of utility-scale storage of differing 
types,24 such as batteries, flywheels, and compressed air, was in operation. In 
California alone, legislation requires investor owned utilities to procure 1,325 
MW of energy storage by 2020.25 A total of 84 different projects across the 
United States are currently “planned,” according to the U.S. Energy Informa-
tion Administration. Based on the 2019 LTRA, over 8 GW are currently planned 
(see Figure 19).

24  This does not include pumped hydro storage.
25  https://www.eia.gov/analysis/studies/electricity/batterystorage/ 

Figure 19: Total Existing and Planned Nameplate Energy Storage Capacity
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Figure 20: Example of Increasing Solar Resources Leading to Increased Ramping Requirements
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An illustrative example of the impacts of large amounts of solar on ramping can be found in Figure 20 that shows that as solar PV is added to a particular system, 
increased ramping capability is needed to support the increased ramping requirements. This is not a completely new concern for operators as some resources 
and imports have a long history of nondispatchability due to physical or contractual limitations. However, variable resources (particularly solar generation due 
to its daily production patterns) are the primary driver leading to increased ramping requirements. Other dispatchable resources are needed in reserve to offset 
the lack of electricity production when variable fuels (i.e., sun, wind) are not available.
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Ramping
Ramping is a term used to describe the loading or unloading of genera-
tion resources in an effort to balance total generation and load during daily 
system operations. Changes in the amount of nondispatchable resources, 
system constraints, load behaviors, and the generation mix can impact the 
needed ramp capability and amount of flexible resources needed to keep 
the system balanced in real-time. For areas with an increasing penetration of 
nondispatchable resources, the consideration of system ramping capability 
is an important component of planning and operations. Therefore, a mea-
sure to track and project the maximum one-hour and three-hour ramps for 
each assessment area can help understand the significant need for flexible 
resources.

CAISO Photovoltaic Generation and Ramping
Predominant drivers for increasing ramps have been due to changes in Cali-
fornia’s load patterns, which can be attributed to an increased integration 
of solar PV DER generation across its footprint. For example, CAISO has ap-
proximately 11,800 MW of solar supply and must proportionally increase 
reserves to respond to a sudden increase in demand associated with cloud 
cover, rain, or inverter-related issues. Solar, rooftop or otherwise, is well dis-
persed throughout the state, which reduces the expectations of widespread 
generation disruptions due to localized weather conditions (overcast skies in 
Northern California with clear skies in Southern California). 
With continued rapid growth of distributed solar, CAISO’s three-hour net-load 
ramping needs have already exceeded 14 GW. Based on current projections, 
maximum three-hour upward net-load ramps are projected to exceed 17,000 
MW in March by 2021, which is approximately 20% greater than the amount 
projected for 2018 (see Figure 21 on the next page). Upward ramping short-
ages are most prevalent in late afternoon when solar generation output de-
creases while system demand is still high. Without sufficient upward ramping 
capability within the balancing area to offset the loss of solar output during 
these times, neighboring balancing authorities would have to provide the 
necessary support to balance supply and demand.

Surpassing projections reinforces CAISO’s near-term need for access to more 
flexible resources in their footprint:

•	 Currently, there are more than 13.3 GW of utility-scale and 8.2 GW 
of behind-the-meter (BTM) solar PV resources in WECC-CAMX’s 
footprint, which has the most concentrated area of solar PV in 
North America.

•	 In March 2018, CAISO set a new ramping record with actual three 
hour upward net-load ramps reaching 14,777 MW. The maximum 
one hour net-load upward ramp was 7,545 MW. This record coin-
cided with utility-scale solar PV, serving nearly 50% of the CAISO 
demand during the same time period.

•	 BTM solar PV has continued to grow in WECC-CAMX, and the pro-
jected BTM solar PV is expected to be 17.5 GW by 2029. 
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Figure 21: Maximum Three-Hour Ramps in CAISO (Actual and Projected) through 2021

Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec
  2017 (Actual) 12,378 12,659 12,733 10,939 10,591 11,774 8,403 8,706 12,108 11,949 12,591 12,981

  2018 (Actual) 13,326 14,440 14,777 12,553 0 0 0 0 0 0 0 0

  2018_Forecast 13,310 13,668 13,669 12,380 10,832 11,618 8,836 9,093 12,355 12,437 13,184 14,197

  2019_Forecast 14,506 14,889 14,971 13,509 11,808 12,524 9,967 10,393 13,511 13,510 13,898 15,129

  2020_Forecast 15,784 15,877 16,110 14,664 12,762 13,404 11,187 11,823 15,024 14,791 14,993 16,057

  2021_Forecast 16,674 16,677 17,048 15,450 13,546 13,864 11,817 12,536 15,575 15,679 15,507 16,296
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Emerging Reliability Considerations
Increasing amounts of DERs can change how the distribution system interacts 
with the BPS and will transform the distribution system into an active source 
for energy and essential reliability services. In certain areas, DERs are being 
connected on the distribution system at a rapid pace, sometimes with limited 
coordination between DER installation and BPS planning activities. With the 
rapid rate of DER installations on distribution systems, it will be necessary for 
the BPS planning functions to incorporate future DER projections in BPS mod-
els. These changes will affect not just the flow of power but also the behavior 
of the system during disturbances. As more DERs are added, system planners 
may needed to adapt their protection schemes to account for the changing 
system characteristics. There are at least two major events that have occurred 
on the European power system where the disconnection of DERs played a role 
in system collapse.26 It is important to coordinate the planning, installation, 
and operation of DERs in relation to the BPS as transition to a new resource 
mix occurs. Specific emerging reliability considerations include the following:

•	 Accommodating Large Amounts of DERs: Today, the effect of aggre-
gated DERs is not fully represented in BPS models and operating tools. 
This could result in unanticipated power flows and increased demand 
forecast errors. An unexpected loss of aggregated DERs could also 
cause frequency and voltage instability at sufficient DER penetrations. 
The system operator typically cannot observe or control DERs, so vari-
able output from DERs can contribute to ramping and system balancing 
challenges. Overall, reliability risks concerning larger penetrations of 
DERs can be summarized by three major aspects:
	Difficulty in obtaining and managing the amount of data con-

cerning DERs, including their size, location, and operational 
characteristics

	 A current inability to observe and control most DERs in real 
time

	 A need to better understand the impacts on system operations 
of the increasing amounts of DERs, including ramping, reserve, 
frequency response, and regulation requirements

26 See Italy Blackout 2003 and European Blackout 2006 for more information.

•	 Accommodating Large Amounts of Bulk Electric Storage Systems 
(BESSs): In addition to the potential safety issues of the devices them-
selves, BESSs introduce unique characteristics into the operation of the 
BPS. As BESSs do not convert fuel into electricity, it requires electric-
ity for its charging that later is injected into the system. This appears 
as a demand on the rest of the system. In large penetrations, the 
energy for charging may not be available, and the state of charge for 
these resources may not be sufficient to perform when called upon. 
Coupled with the increasing penetrations of DERs and VERs, planning 
and operations need to enhance visibility and probabilistic forecasting 
and modelling. 

Recommendations 

The ERO and industry need to work together to ensure system studies incor-
porate DER impacts.
As the penetration of DERs continues to increase across the North American 
BPS, it is necessary to account for DERs in the planning, operation, and design 
of the BPS. System operators and planners should gather data as early as pos-
sible about the aggregate technical specifications of DERs connected to local 
distribution grids to ensure accurate and valid system planning device and 
simulation models, load forecasting, coordinated system protection, and real-
time situation awareness. In areas with large or emerging DER penetrations, 
current operational models and system studies do not properly account for 
DERs. These models and studies will need to be improved to accurately rep-
resent the system’s behavior. 

The ERO should assess the implications of electricity storage on BPS planning 
and operations.
Electricity storage has the potential to offer much needed capabilities to the 
grid of the future. Based on data received in the resource information collected 
to support this assessment, there will be an increase of BPS-connected storage 
in the future; this may even be accelerated if the conditions are right. Before 
this storage is built and integrated into the BPS, the ERO should identify, assess, 
and report on the risks and potential mitigation approaches to accommodate 
large amounts of energy storage on BPS reliability.

https://www.entsoe.eu/fileadmin/user_upload/_library/publications/ce/otherreports/20040427_UCTE_IC_Final_report.pdf
https://www.entsoe.eu/fileadmin/user_upload/_library/publications/ce/otherreports/Final-Report-20070130.pdf
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Key Finding 4: Transmission Planning and Infrastructure Ddevelopment Need to Keep Pace with an Increasing Amount 
of Utility Scale Wind and Solar Resources.

Key Points
•	 Under 15,000 circuit miles of new transmission is expected over the next 6 years, considerably less than the nearly 40,000 circuit miles earlier this decade.
•	 Many new VERs will be located in areas remote from demand centers and existing transmission infrastructure.

The existing electric transmission systems and planned additions over the next 10 years appear adequate to reliably meet customer electricity requirements. 
However, less and shorter lines are being constructed at a time when more and longer transmission is needed to accommodate large amounts of wind and solar 
resources. While a lack of future transmission projects does not currently pose a reliability concern, the importance of a secure transmission system is amplified 
when considering the significant addition of variable generation resources, continuing retirement of conventional and nuclear generation, and increased demand 
projections throughout North America in the assessment’s 10-year horizon. 

Transmission Projects
Figure 22 shows the historical 10-year transmission projections for the past 10 years, each year being a 10-year projection. Between the years 2010 and 2016 con-
siderably more transmission was planned than more recent years. For example, in 2012, nearly 40,000 circuit miles of high voltage transmission was planned for 
the next 10 years. Current projections show less than 18,000 circuit miles of planned transmission for the next 10 years. Whether the planned transmission lines 
were actually constructed was not determined.

Figure 22: Historical 10-Year Transmission Projections
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Future Transmission Project Categories
Under Construction: Construction of the line has begun.
Planned (any of the following):

•	 Permits have been approved to proceed
•	 Design is complete
•	 Needed in order to meet a regulatory requirement

Conceptual (any of the following):
•	 A line projected in the transmission plan
•	 A line that is required to meet a NERC TPL standard or power-

flow model and cannot be categorized as “Under Construction” 
or “Planned”

•	 Other projected lines that do not meet requirements of “Under 
Construction” or “Planned”

As part of the ERO assessment, information about future transmission projects 
is evaluated. Figure 23 highlights the transmission additions during the 10-
year period include plans for over 18,000 circuit miles, including conceptual 
projects. This amount represents a considerable reduction in the amount of 
transmission miles planned in nearly a decade, compared with the 30,000+ 
miles planned each year during the period 2010–2016 (see Figure 22 on previ-
ous page). 
Figure 24 shows that most planned transmission projects are shorter in line 
length, and fewer longer length projects are being planned. However, with 
the amount of solar and wind coming online in the next 10 years, area plan-
ning processes may identify needs for longer length transmission projects to 
capture and transmit renewable energy from areas distant from load centers.

Figure 23: Cumulative 10-Year Projection of Planned Transmission

Figure 24: Line Miles Projected through 2029
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Emerging Reliability Considerations
Additional transmission infrastructure is therefore vital to reliably accommo-
dating large amounts of wind and solar resources, specifically in order to in-
terconnect VERs planned in remote areas as well as to smooth the variable 
generation output across a broad geographical area and resource portfolio 
and deliver ramping capability and ancillary services from inside and outside 
a balancing area to equalize supply and demand.

Recommendation

In future assessments, the ERO should review challenges in transmission 
development and reliability risks due to the changing resource mix.
To accommodate large amounts of variable generation and to meet policy ob-
jectives associated with renewables in a reliable and economic manner, more 
transmission may be needed. For example, to meet the renewable energy 
requirements, transmission may be required to ensure that transfer of large 
amounts of energy can be supported when it becomes available. The ERO 
should assess and evaluate if the decreasing amount of transmission projects 
presents any future reliability risks or concerns. 
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Demand, Resources, Reserve Margins, and Transmission

Demand Projections
NERC-wide electricity peak demand and energy growth rates are up for the first in nearly 20 years, reaching its peak decline last year. The 2019 through 2029 ag-
gregated projections of summer peak demand NERC-wide are slightly higher than last year’s projection. A comparison of this year’s 10-year forecasted growth to 
last year’s 10-year forecasted growth indicates that peak demand is roughly flat for North America as a whole.
Figure 25 identifies the 10-year compound annual growth rate (CAGR) of peak demand that is increasing this year from the prior year—the lowest year on record. 
The projected 10-year energy growth rate is 0.60% per year compared to more than 1.48% just a decade earlier (Figure 26).

Figure 25: 10-Year Summer and Winter Peak Demand Growth and Rate Trends 
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Understanding Demand Forecasts
Future electricity requirements cannot be predicted precisely. Peak demand 
and annual energy use are reflections of the ways in which customers use 
electricity in their domestic, commercial, and industrial activities. Therefore, 
the electric industry continues to monitor electricity use and generally revise 
their forecasts on an annual basis or as their resource planning requires. In 
recent years, the difference between forecast and actual peak demands have 
decreased, reflecting a trend toward improving forecasting accuracy. 
The peak demand and annual net energy for load projections are aggregates 
of the forecasts of the individual planning entities and LSEs. These forecasts 
are typically “equal probability” forecasts. That is, there is a 50% chance that 
the forecast will be exceeded and a 50% chance that the forecast will not be 
reached. 
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Figure 26: 10-Year Net Energy to Load Growth and Rate Trends

Forecast peak demands, or total internal demand, are internal electricity de-
mands that have already been reduced to reflect the effects of demand-side 
management programs, such as conservation, EE, and time-of-use rates. It 
is equal to the sum of metered (net) power outputs of all generators within 
a system and the metered line flows into the system less the metered line 
flows out of the system. Thus, total internal demand is the maximum (hourly 
integrated) demand of all customer demands plus losses. DR resources that 
are dispatchable and controllable by the system operator, such as utility-
controlled water heaters and contractually interruptible customers, are not 
included in total internal demand. Rather, dispatchable and controllable DRs 
are included in net internal demand.
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The 10-year demand growth rate in all assessment areas is 2% or less per year 
with three assessment areas projecting reductions in peak demand (Figure 27). 

Continued advancements of EE programs combined with a general shift in 
North America to less energy-intensive economic growth are contributing fac-
tors to slower electricity demand growth. Thirty states in the United States 
have adopted EE policies that are contributing to reduced peak demand and 
overall energy use.27 Additionally, DERs and other behind-the meter resources 
continue to increase and reduce the net demand for the BPS even further.
The PRMs for the years 2020–2024 are shown in Table 3. Table 4 shows the 
Reference Margin Levels for each assessment area.

27  EIA - Today in Energy: Many states have adopted policies to encourage energy efficiency.

Figure 27: Annual Peak Demand Growth Rate for 10-Year Period by 
Assessment Area
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http://www.eia.gov/todayinenergy/detail.php?id=32332&src=email
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Reserve Margin Projections
Table 3: Planning Reserve Margin Years 2020–2024

Assessment 
Area

Reserve Margins (%) 2020 2021 2022 2023 2024

MISO

Anticipated Reserve Margin 22.5% 19.8% 18.7% 18.1% 17.5%

Prospective Reserve Margin 20.8% 20.0% 26.3% 45.5% 53.5%

Reference Margin Level 16.8% 16.8% 16.8% 16.8% 16.8%

MRO-
Manitoba

Anticipated Reserve Margin 12.7% 15.8% 24.8% 22.6% 17.6%

Prospective Reserve Margin 14.0% 17.1% 22.0% 19.8% 15.0%

Reference Margin Level 12.0% 12.0% 12.0% 12.0% 12.0%

MRO-
SaskPower

Anticipated Reserve Margin 23.3% 23.1% 19.8% 15.8% 16.6%

Prospective Reserve Margin 23.3% 23.1% 21.1% 15.1% 16.0%

Reference Margin Level 11.0% 11.0% 11.0% 11.0% 11.0%

NPCC-
Maritimes

Anticipated Reserve Margin 22.4% 22.2% 21.3% 25.3% 26.0%

Prospective Reserve Margin 25.3% 22.3% 21.4% 25.4% 24.3%

Reference Margin Level 20.0% 20.0% 20.0% 20.0% 20.0%

NPCC-New 
England

Anticipated Reserve Margin 32.2% 31.7% 30.5% 26.7% 27.3%

Prospective Reserve Margin 34.7% 35.6% 37.3% 36.7% 38.3%

Reference Margin Level 18.5% 18.0% 17.8% 17.8% 17.8%

NPCC-New 
York

Anticipated Reserve Margin 25.3% 22.7% 23.0% 24.6% 25.3%

Prospective Reserve Margin 26.2% 25.6% 26.0% 29.2% 30.0%

Reference Margin Level 15.0% 15.0% 15.0% 15.0% 15.0%

NPCC-
Ontario

Anticipated Reserve Margin 31.8% 30.1% 24.4% 15.3% 17.3%

Prospective Reserve Margin 31.8% 30.1% 24.4% 15.3% 17.3%

Reference Margin Level 26.4% 23.4% 23.3% 24.7% 20.1%

NPCC-
Quebec

Anticipated Reserve Margin 13.1% 13.5% 13.3% 14.3% 13.7%

Prospective Reserve Margin 16.0% 16.5% 16.3% 17.3% 16.7%

Reference Margin Level 12.8% 12.8% 12.8% 12.8% 12.8%

PJM

Anticipated Reserve Margin 39.4% 39.3% 35.3% 34.8% 34.3%

Prospective Reserve Margin 50.2% 55.9% 64.9% 68.1% 70.0%

Reference Margin Level 15.9% 15.8% 15.7% 15.7% 15.7%

SERC-C

Anticipated Reserve Margin 39.8% 36.2% 35.1% 34.7% 32.0%

Prospective Reserve Margin 46.3% 42.6% 41.5% 41.1% 38.4%

Reference Margin Level 15.0% 15.0% 15.0% 15.0% 15.0%

Assessment 
Area

Reserve Margins (%) 2020 2021 2022 2023 2024

SERC-E

Anticipated Reserve Margin 24.1% 24.6% 25.6% 24.9% 28.1%

Prospective Reserve Margin 24.2% 24.7% 25.7% 25.0% 28.2%

Reference Margin Level 15.0% 15.0% 15.0% 15.0% 15.0%

SERC-FP

Anticipated Reserve Margin 25.3% 24.3% 24.9% 26.2% 25.3%

Prospective Reserve Margin 25.9% 24.9% 25.5% 26.7% 25.8%

Reference Margin Level 15.0% 15.0% 15.0% 15.0% 15.0%

SERC-SE

Anticipated Reserve Margin 34.3% 33.9% 35.5% 37.3% 36.5%

Prospective Reserve Margin 35.0% 35.9% 37.7% 39.4% 38.7%

Reference Margin Level 15.0% 15.0% 15.0% 15.0% 15.0%

SPP

Anticipated Reserve Margin 28.7% 26.5% 25.9% 24.5% 23.0%

Prospective Reserve Margin 27.7% 25.4% 24.9% 23.5% 22.0%

Reference Margin Level 12.0% 12.0% 12.0% 12.0% 12.0%

TRE-ERCOT

Anticipated Reserve Margin 10.2% 15.5% 13.0% 10.3% 7.8%

Prospective Reserve Margin 18.7% 42.9% 47.2% 44.2% 41.0%

Reference Margin Level 13.8% 13.8% 13.8% 13.8% 13.8%

WECC-AB

Anticipated Reserve Margin 23.9% 27.2% 22.7% 21.5% 20.9%

Prospective Reserve Margin 26.6% 30.0% 25.3% 24.1% 23.5%

Reference Margin Level 10.4% 10.4% 10.3% 10.2% 10.1%

WECC-BC

Anticipated Reserve Margin 16.2% 15.9% 14.7% 14.6% 14.8%

Prospective Reserve Margin 16.2% 15.9% 14.7% 14.6% 14.8%

Reference Margin Level 10.4% 10.4% 10.3% 10.2% 10.1%

WECC-
CAMX

Anticipated Reserve Margin 17.2% 17.0% 15.6% 15.4% 15.7%

Prospective Reserve Margin 21.0% 20.8% 19.4% 19.1% 19.4%

Reference Margin Level 13.7% 13.9% 13.9% 13.8% 13.9%

WECC-
NWPP-US

Anticipated Reserve Margin 23.2% 23.1% 22.1% 22.2% 22.1%

Prospective Reserve Margin 23.4% 23.3% 22.3% 22.5% 22.4%

Reference Margin Level 15.7% 15.7% 16.0% 15.9% 15.8%

WECC-
RMRG

Anticipated Reserve Margin 25.8% 23.8% 22.4% 18.3% 16.7%

Prospective Reserve Margin 25.8% 25.4% 23.9% 21.4% 19.8%

Reference Margin Level 13.0% 12.0% 12.3% 12.5% 12.4%

WECC-SRSG

Anticipated Reserve Margin 20.5% 17.7% 17.1% 16.8% 14.5%

Prospective Reserve Margin 21.3% 18.8% 18.2% 19.6% 17.2%

Reference Margin Level 10.0% 11.0% 11.0% 11.0% 11.0%
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Table 4: Reference Margin Levels for Each Assessment Area (2020–2024)

Assessment Area
Reference Margin 

Level
Assessment Area Terminology Requirement? Methodology Reviewing or Approving Body

MISO 17.1% Planning Reserve Margin
Yes: Established 
Annually28

0.1/Year LOLE MISO

MRO-Manitoba 
Hydro

12% Reference Margin Level No 
0.1/Year LOLE/LOEE/
LOLH/EUE

Reviewed by the Manitoba Public 
Utilities Board

MRO-SaskPower 11% Reference Margin Level No
EUE and Deterministic 
Criteria

SaskPower

NPCC-Maritimes 20%29 Reference Margin Level No 0.1/Year LOLE Maritimes Subareas; NPCC

NPCC-New 
England

17.8–18.5% Installed Capacity Requirement
Yes: three year requirement established an-
nually

0.1/Year LOLE ISO-NE; NPCC Criteria

NPCC-New York 15%30 Installed Reserve Margin
Yes: one year requirement; established annu-
ally by NYSRC based on full installed capacity 
values of resources

0.1/Year LOLE NYSRC; NPCC Criteria

NPCC-Ontario 18%–25% Ontario Reserve Margin Requirement Yes: established annually for all years 0.1/Year LOLE IESO; NPCC Criteria

NPCC-Québec 12.9% Reference Margin Level No: established Annually 0.1/Year LOLE Hydro Québec; NPCC Criteria

PJM 16.6%–16.7% Installed Reserve Margin
Yes: established Annually for each of three 
future years

0.1/Year LOLE
PJM Board of Managers; Reliabili-
tyFirst BAL-502-RFC-02 Standard

SERC-E 15% Reference Margin Level No: NERC-Applied 15% SERC Performs 0.1/Year LOLE Reviewed by Member Utilities

SERC-FP 15%31 Reliability Criterion No: Guideline 0.1/Year LOLP
Florida Public Service Commis-
sion

SERC-C 15% Reference Margin Level No: NERC-Applied 15% SERC Performs 0.1/Year LOLE Reviewed by Member Utilities

SERC-SE 15%32 Reference Margin Level No: NERC-Applied 15% SERC Performs 0.1/Year LOLE Reviewed by Member Utilities

28  In MISO, the states can override the MISO Planning Reserve Margin.
29  The 20% Reference Margin Level is used by the individual jurisdictions in the Maritimes area with the exception of Prince Edward Island, which uses a margin of 15%. Accordingly, 20% is applied 
for the entire area.
30  The NERC Reference Margin Level for NY is 15%. Wind, grid-connected solar, and run-of-river totals were derated for this calculation. However, New York requires load serving entities to procure 
capacity for their loads equal to their peak demand plus an installed reserve margin (IRM). The IRM requirement represents a percentage of capacity above peak load forecast and is approved annually 
by the New York State Reliability Council. NYSRC approved the 2019–2020 IRM at 17.0%.
31  SERC-FP uses a 15% Reference Reserve Margin as approved by the Florida Public Service Commission for non-IOUs and recognized as a voluntary 20% reserve margin criteria for IOUs; individual 
utilities may also use additional reliability criteria.
32  SERC does not provide Reference Margin Levels or resource requirements for its subregions. However, SERC members perform individual assessments to comply with any state requirements.
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Table 4: Reference Margin Levels for Each Assessment Area (2020–2024)

Assessment Area
Reference Margin 

Level
Assessment Area Terminology Requirement? Methodology Reviewing or Approving Body

SPP 12% Resource Adequacy Requirement Yes: studied on Biennial Basis 0.1/Year LOLE SPP RTO Staff and Stakeholders

TRE-ERCOT 13.75% Target Reserve Margin No
0.1/Year LOLE plus adjust-
ment for non-modeled 
market considerations

ERCOT Board of Directors

WECC-AB 11.03%–11.22% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

WECC-BC 10.60%–12.10% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

WECC-CAMX33 14.76%–16.14% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

WECC-NWPP-US 16.38%–17.46% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

WECC-RMRG 11.65%–14.17% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

WECC-SRSG 12.02%–15.83% Reference Margin Level No: Guideline
Based on a conservative 
.02% threshold

WECC

33  California is the only state in the Western Interconnection that has a wide-area Planning Reserve Margin, currently 15%.



44

Transmission
Figure 28 highlights that ERO-wide transmission additions during the 10-year 
period include plans for over 18,000 circuit miles. NERC continues to monitor 
the progress of transmission projects across North America.

Figure 29 shows the future transmission circuit miles by voltage class. 
Figure 30 shows the percentage of future transmission circuit miles by primary 
driver. According to industry, new transmission projects are being driven pri-
marily to enhance reliability. Other reasons include congestion alleviation and 
integration of renewables. The breakdown of reasons for future transmission 
projects through 2029 are shown in Figure 30. As expected, most of the lines 
are coming in to address reliability, approximately 60%. Renewable integration 
will account for 1,400 miles of planned transmission. 

Figure 28: Future Transmission Circuit Miles >100 kV by Project Status
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Figure 29: Future Transmission Circuit Miles >100 kV by Voltage Class
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Figure 30: Future Transmission Circuit Miles by Primary Driver
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Figure 31 shows the assessment areas as net importers or exporters for the year 2020 at the time of their seasonal peak. Net importers are shown in gold and net 
exporters are shown in blue. The grey assessment areas are below 100 MW of capacity imported or exported for 2020. 
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Figure 31: Net Transfers
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Table 5 shows the percent of the reserve margin that is supported by net transfers. If an assessment area has a negative percentage, it is a net exporter. Conversely, 
if an assessment area has a positive percentage, it is a net importer. 

Table 5: Net Transfers by Assessment Area

Assessment Area Peak Demand (MW) Firm Net Transfers (MW) Reserve Margin (MW) Percent of Reserve Margin ACR

MISO  120,107  575  21,055 2.73%  141,162 

MRO-Manitoba Hydro  4,757  (488)  839 -58.15%  5,597 

MRO-SaskPower  3,883  100  646 15.48%  4,529 

NPCC-Maritimes  5,300  -  1,380 0.00%  6,680 

NPCC-New England  23,697  81  6,479 1.25%  30,176 

NPCC-New York  30,618  1,939  7,745 25.04%  38,363 

NPCC-Ontario  22,333  -  3,868 0.00%  26,202 

NPCC-Quebec  37,081  (145)  5,082 -2.85%  42,163 

PJM  144,192  -  49,417 0.00% 193,609 

SERC-C  40,053  361  12,836 2.81%  52,889 

SERC-E  45,083  530  12,681 4.18%  57,764 

SERC-FP  47,015  1,132  20,555 5.51%  67,570 

SERC-SE  45,909  (2,237)  16,762 -13.34%  62,671 

SPP  54,011  (96)  12,448 -0.77%  66,458 

TRE-ERCOT  81,891  50  6,401 0.78%  88,292 

WECC-AB  12,321  -  2,575 0.00%  14,896 

WECC-BC  12,430  410  1,837 22.32%  14,267 

WECC-CAMX  54,835  2,020  8,586 23.53%  63,421 

WECC-NWPP US  52,315  2,496  11,575 21.56%  63,890 

WECC-RMRG  13,413  -  2,246 0.00%  15,659 

WECC-SRSG  26,371  1,480  3,817 38.78%  30,187 
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Table 6: Summary of 2024 Peak Projections by Assessment Area and Interconnection

Net Internal Demand 
(MW)

Annual Net Energy for 
Load (GWh)

Net Transfers (MW)
Anticipated Capacity 

Resources
Anticipated Reserve 

Margin

MISO 120,107 647,218 575 141,162 17.5%

MRO-Manitoba 4,757 26,219 -488 5,597 17.6%

MRO-Sask 3,883 27,142 100 4,529 16.6%

NPCC-Maritimes 5,300 27,853 0 6,680 26.0%

NPCC-New England 23,697 120,544 81 30,176 27.3%

NPCC-New York 30,618 153,386 1,939 38,363 25.3%

NPCC-Ontario 22,333 139,912 0 26,202 17.3%

PJM 144,192 818,958 0 193,609 34.3%

SERC-C 40,053 219,670 361 52,889 32.0%

SERC-E 45,083 220,329 530 57,764 28.1%

SERC-FP 47,015 242,808 1,132 67,570 43.7%

SERC-SE 45,909 250,604 -2,237 62,671 36.5%

SPP 54,011 284,631 -96 66,458 23.0%

WECC-AB 12,321 89,223 0 14,896 20.9%

WECC-BC 12,430 68,275 410 14,267 14.8%

WECC-CAMX 54,835 273,162 2,020 63,421 15.7%

WECC-NWPP US 52,315 311,394 2,496 63,890 22.1%

WECC-RMRG 13,413 76,710 0 15,659 16.7%

WECC-SRSG 26,371 123,140 1,480 30,187 14.5%

EASTERN INTERCONNECTION 586,960 3,179,273 1,897 753,671 N/A

QUEBEC INTERCONNECTION 37,081 200,604 -145 42,163 13.7%

TEXAS INTERCONNECTION 81,891 450,426 50 88,292 7.8%

WESTERN INTERCONNECTION 171,685 941,904 6,406 202,320 N/A

Regional Assessments
The following regional assessments were developed based on data and narrative information collected by NERC from the REs on an assessment area basis. The RAS, 
at the direction of NERC’s PC, supported the development of this assessment through a comprehensive and transparent peer review process that leveraged the 
knowledge and experience of system planners, RAS members, NERC staff, and other subject matter experts. This peer review process promotes the accuracy and 
completeness of all data and information. A summary of the key data is provided in Table 6.
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MRO—Midwest Reliability Organization
    MRO-SaskPower
    MRO-Manitoba Hydro
    MISO

SPP—Southwest Power Pool
    SPP

Texas RE—Texas Reliability Entity 
    ERCOT

NPCC—Northeast Power Coordinating Council
    NPCC-New England
    NPCC-Maritimes
    NPCC-New York
    NPCC-Ontario
    NPCC-Québec

RF—ReliabilityFirst
    PJM

WECC—Western Electricity Coordinating Council
    WECC-BC
    WECC-AB
    WECC-RMRG
    WECC-CA/MX
    WECC-SRSG
    WECC-NWPP-US

SERC—SERC Reliability Corporation
    SERC-East
    SERC-Central
    SERC-Southeast
    SERC-FP    

MISO

SERC
Central SERC

East
SERC

Southeast

WECC
NWPP-US

WECC
RMRG

Texas RE
ERCOT

WECC
CA/MX

SERC
FP

NPCC
New York

NPCC
New England

NPCC
Quebec

NPCC
Ontario

MRO
Manitoba Hydro

MRO
SaskPower

SPP PJM

WECC
NWPP-BC

WECC
NWPP-AB

WECC
SRSG

NERC Assessment Areas 
In order to conduct NERC reliability assessments, NERC further divides the Regional Entities into 21 assessment areas, shown below. This level of granularity allows 
NERC to better evaluate resource adequacy and ensure deliverability constraints between and among assessment areas are accounted for.
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Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

MISO 
MISO is a not-for-profit, member-based organiza-
tion that administers the wholesale electricity mar-
kets that provide customers with valued service; 
reliable, cost-effective systems and operations; 
dependable and transparent prices; open access 
to markets; and planning for long-term efficiency. 
MISO manages energy, reliability, and operating 
reserve markets that consist of 36 local Balancing 
Authorities (BAs) and 394 market participants, serv-
ing approximately 42 million customers. Although 
parts of MISO fall in three NERC Regions, MRO is 
responsible for coordinating data and information 
submitted for NERC’s reliability assessments.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 124,809 125,664 125,818 125,984 126,122 126,307 126,322 126,658 127,013 127,316

Demand Response 5,959 5,986 5,985 5,989 6,014 6,017 6,019 6,023 5,992 5,992

Net Internal Demand 118,849 119,678 119,833 119,995 120,107 120,290 120,304 120,635 121,020 121,323

Additions: Tier 1 2,343 5,370 6,659 6,759 6,879 6,879 6,879 6,879 6,879 6,879

Additions: Tier 2 600 2,811 10,097 36,283 47,275 47,800 47,800 47,800 47,800 47,800

Additions: Tier 3 1,456 3,524 5,117 6,332 8,429 8,504 9,784 10,256 11,028 11,028

Net Firm Capacity Transfers 1,426 579 578 577 575 -287 -278 -279 -281 -283

Existing-Certain and Net Firm Transfers 143,235 137,949 135,637 134,965 134,283 132,973 132,863 132,005 131,670 131,753

Anticipated Reserve Margin (%) 22.49% 19.75% 18.74% 18.11% 17.53% 16.26% 16.16% 15.13% 14.48% 14.27%

Prospective Reserve Margin (%) 20.84% 20.02% 26.30% 45.46% 53.46% 52.00% 51.60% 50.03% 48.36% 48.06%

Reference Margin Level (%) 16.80% 16.80% 16.80% 16.80% 16.80% 16.80% 16.80% 16.80% 16.80% 16.80%
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Highlights
•	 The MISO area is projected to have resources in excess of the regional requirement. Through 2022, regional surpluses and potential resources are sufficient 

for all zones to serve their deficits although there are two resource zones that are operating near local resource adequacy requirements. Affected MISO 
members and regulatory bodies are working to address in their respective resource plans.

•	 Continued focus on load growth variations and resource mix changes will allow for transparency around future resource adequacy risk.
•	 As MISO continues to operate near the PRM, it is important to ensure efficient conversion of committed capacity to energy that is able to serve near term 

load and not just on-peak but for all hours of the year. MISO has embarked on an initiative called resource availability and need (RAN) to review gaps in this 
conversion. Highlights of this initiative are as follows:
	▪ The RAN effort aims to address resources availability, visibility, and flexibility in several stages over the coming year.
	▪ The near-term focus has been improved outage scheduling and load modifying resource requirements.
	▪ The longer-term focus is capacity accreditation, seasonal resource adequacy, improved visibility, and market incentives in the operating horizon.

•	 To ensure visibility into fuel assurance to support system reliability, MISO utilizes data from the annual winter generator fuel survey for all natural gas gen-
erators to create fuel assurance ratings for generators based on transportation type, number of natural gas system connections, back-up fuel capability, and 
access to flexible services. In addition, MISO continues to make steady progress on incorporating major natural gas pipeline disruptions in planning studies 
to assess potential reliability risks.

•	 MISO is working with its members and regulators through the Organization of MISO States (OMS) and their DER survey to determine the current state of 
DERs at MISO and to strategize how to plan for increasing DERs into the future.

•	 MISO continues to work with policymakers and stakeholders to understand overall system needs and explore long range planning efforts that provide in-
sights to inform decisions. MISO has begun a series of planning futures workshops to develop a broad set of future scenarios, providing long-term views of 
future resource portfolios.

MISO Fuel Composition

2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 56,795 56,406 53,932 53,560 52,770 52,710 52,513 51,839 51,839 51,839

Petroleum 2,982 2,900 2,880 2,832 2,832 2,668 2,668 2,668 2,668 2,668

Natural Gas 61,526 63,241 64,077 63,364 63,362 63,018 62,096 61,851 61,564 61,564

Biomass 403 389 389 366 341 336 336 263 263 263

Solar 714 1,002 1,127 1,227 1,227 1,227 1,227 1,227 1,227 1,227

Wind 3,418 3,565 3,624 3,607 3,724 3,718 3,688 3,684 3,665 3,665

Conventional Hydro 1,531 1,560 1,560 1,486 1,486 1,358 1,358 1,358 1,352 1,352

Pumped Storage 2,761 2,762 2,762 2,762 2,762 2,733 2,733 2,733 2,733 2,733

Nuclear 12,433 11,620 11,620 11,620 11,620 11,620 11,620 11,620 11,620 11,620

Other 20 20 20 20 20 20 20 20 20 20

Total MW 142,583 143,464 141,990 140,844 140,144 139,407 138,257 137,263 136,951 136,951



51MISO

MISO Assessment 
Planning Reserve Margins: As directed under Module E-1 of the MISO Tariff, MISO 
coordinates with stakeholders to determine the appropriate PRM for the applicable 
planning year based upon the probabilistic analysis of the ability to reliably serve 
MISO coincident peak demand for that planning year. The probabilistic analysis uses 
a loss of load expectation (LOLE) study that assumes no internal transmission limita-
tions within the MISO Region. MISO calculates the PRM such that the LOLE for the 
next planning year is 1 day in 10 years, or 0.1 days per year. The minimum amount of 
capacity above coincident peak demand in the MISO area required to meet the reli-
ability criteria is used to establish the PRM. The PRM is established as an unforced 
capacity (PRM UCAP) requirement based upon the weighted average forced outage 
rate of all planning resources in the MISO Region. The PRM decreased from the 2018 
LTRA of 17.1%–16.8% on an installed capacity basis in this 2019 LTRA. Changes from 
2018–2019 planning year values are due to changes in load profiles and changes in 
the resource mix—retirements, additions, and suspensions.

Demand: MISO does not forecast load for the seasonal resource assessments. In-
stead, LSEs report load projections under the Resource Adequacy Requirements section 
(Module E-1) of the MISO Tariff. LSEs report their annual load projections on a MISO 
coincident basis as well as their non-coincident load projections for the next 10 years, 
monthly for the first 2 years and seasonally for the remaining 8 years. MISO projects 
the summer coincident peak demand is expected to grow at an average annual rate 
of 0.2% for the 10-year period. This is down a tenth of a percentage point from the 
2018 assessment.

Demand-Side Management: MISO currently separates demand response resources 
into two categories: direct control load management and interruptible load.34 Direct 
control load management is the magnitude of customer service (usually residential). 
During times of peak conditions, or when MISO otherwise forecasts the potential for 
maximum generation conditions, MISO surveys local BAs to obtain the amount of their 
demand. For this assessment, MISO uses the registered amount of demand-side man-
agement that is procured and cleared through the annual planning resource auction. 
MISO forecasts 5,959–5,992 MW of direct control load management and interruptible 
load to be available for the assessment period. MISO also forecasts at least 4,582 MW 
of BTM generation to be available for assessment period. EE is not explicitly forecasted 
at MISO; the majority of EE programs are reflected within the demand and energy 
forecasts; however, 312 MW were offered in the 2019–2020 planning resource auction.

34 See BPM 011 section 4.3 of the MISO Resource Adequacy Business Practice Manual: https://
www.misoenergy.org/legal/business-practice-manuals/

Distributed Energy Resources: As part of the MISO Transmission Expansion Plan 
(MTEP) study, there was an attempt to collect information on DERs. The forecast pro-
vides an estimate of DER programs and their impact on peak demand and annual 
energy savings. This forecast positions MISO to understand emerging technologies and 
the role they play in transmission planning as there is a specific case on DERs both at a 
base case level and an increased penetration level. MISO has not experienced any op-
erational challenges as of yet but expects to as programs grow in the future. Soliciting 
current DER levels and methods of forecasting at MISO are an ongoing effort. To-date, 
the best source of existing DERs is a survey conducted annually by the Organization 
of MISO States, or Outage Management System (OMS). The 2019 OMS DER survey 
showed about 4.5 GW of DERs in the MISO footprint, 850 MW of which is BTM solar PV.

Generation: MISO projects approximately 3.1 GW of generation capacity to retire in 
2019. Through the generator interconnection queue (GIQ) and the OMS MISO sur-
vey process, MISO anticipates 11.7 GW of future potential capacity additions to be 
in-service and expected on-peak during the assessment period. This is based on a 
snapshot of the GIQ and the 2019 OMS–MISO Survey as of June 2019, including the 
aggregation of active projects.

Capacity Transfers: Interregional planning is critical to maximize the overall value of the 
transmission system and deliver savings for customers. Interregional studies conducted 
jointly with MISO’s neighboring planning authorities are based on an annual review of 
transmission issues at the seams. Depending on the outcome of those reviews, studies 
are scoped out and performed. In the MTEP 2018,35 two interregional projects with 
PJM were recommended for approval.

Transmission: The annual MTEP establishes the recommended regional plan that in-
tegrates expansion based on reliability, transmission access, market efficiency, and 
public policy needs across all planning horizons with the goal of maintaining a reli-
able electric grid and delivering the lowest-cost energy to customers in MISO. Major 
categories of planned transmission in MTEP 2018 include the following: a total of 81 
baseline reliability projects required to meet NERC Reliability Standards; 16 generator 
interconnection projects required to reliably connect new generation to the transmis-
sion grid, 2 interregional targeted market efficiency projects with PJM; and 346 other 
projects primarily driven by local reliability, load interconnection, age condition, and 
other local needs.

35  The full 2018 report is available at the following link: https://cdn.misoenergy.org/
MTEP18%20Full%20Report264900.pdf 

https://www.misoenergy.org/legal/business-practice-manuals/
https://www.misoenergy.org/legal/business-practice-manuals/
https://cdn.misoenergy.org/MTEP18%20Full%20Report264900.pdf
https://cdn.misoenergy.org/MTEP18%20Full%20Report264900.pdf


52

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

MRO-Manitoba Hydro
Manitoba Hydro is a provincial crown corporation 
providing electricity to about 580,000 electric cus-
tomers in Manitoba and about 282,000 natural 
gas customers in Southern Manitoba. The service 
area is the province of Manitoba that is 250,946 
square miles. Manitoba Hydro is winter-peaking. 
No change in the footprint area is expected during 
the assessment period. Manitoba Hydro is its own 
Planning Coordinator and BA. Manitoba Hydro is 
a coordinating member of the MISO. MISO is the 
Reliability Coordinator for Manitoba Hydro.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 4,518 4,503 4,535 4,569 4,757 4,776 4,804 4,817 4,838 4,868

Demand Response 0 0 0 0 0 0 0 0 0 0

Net Internal Demand 4,518 4,503 4,535 4,569 4,757 4,776 4,804 4,817 4,838 4,868

Additions: Tier 1 0 193 645 645 645 645 645 645 645 645

Additions: Tier 2 0 0 0 0 0 0 0 0 0 0

Additions: Tier 3 0 0 0 0 0 0 0 0 0 0

Net Firm Capacity Transfers -376 -447 -427 -483 -488 -424 -424 -329 -252 -257

Existing-Certain and Net Firm Transfers 5,093 5,022 5,013 4,957 4,952 5,016 4,995 5,090 5,167 5,151

Anticipated Reserve Margin (%) 12.74% 15.82% 24.78% 22.61% 17.64% 18.53% 17.41% 19.07% 20.14% 19.05%

Prospective Reserve Margin (%) 14.03% 17.11% 21.96% 19.81% 14.96% 15.85% 14.75% 16.41% 17.50% 16.30%

Reference Margin Level (%) 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00%
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Manitoba Hydro Fuel Composition

2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Natural Gas 404 404 404 404 404 404 404 404 404 404

Wind 52 52 52 52 52 52 31 31 31 31

Conventional Hydro 5,148 5,341 5,764 5,764 5,764 5,764 5,764 5,764 5,764 5,753

Total MW 5,604 5,797 6,220 6,220 6,220 6,220 6,199 6,199 6,199 6,188

Highlights
•	 The ARM does not fall below the Reference Margin Level of 12% in any year during the assessment period. The 630 MW (net summer addition) Keeyask 

Hydro Station is expected to come into service beginning in the winter of 2021–2022, helping to ensure resource adequacy in the latter half and after the 
end of the current assessment period. No resource adequacy issues are expected.

•	 Demand is flattening over the LTRA horizon as a result of reduced load growth and EE/conservation efforts.
•	 Since the 2018 LTRA, Manitoba Hydro experienced 115 MW (nameplate) of confirmed retirements, consisting of 100 MW of coal generation and 15 MW 

of hydro generation.
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MRO-Manitoba Hydro Assessment
Planning Reserve Margins: The ARM does not fall below the Reference Margin Level 
of 12% in any year during the assessment period. The Reference Margin Level is based 
on both system historical adequacy performance analysis and reference to probabilistic 
resource adequacy studies using the index of loss of load expectation LOLE and loss 
of energy expectation (LOEE).

Demand: Manitoba Hydro’s load peaks in the winter, typically in the months of Janu-
ary, February, or December. The primary driver of energy load growth in Manitoba is 
population with the secondary driver being the economy. Manitoba Hydro’s system 
energy/energy forecasting methodology is primarily based on three market segments: 
residential, general service mass market, and top consumers (Manitoba Hydro’s largest 
industrial customers) with a small amount remaining for miscellaneous groups com-
posing of street lighting and seasonal customers. Manitoba Hydro uses econometric 
regression modeling by sector to determine projected energy usage. There have been 
no footprint changes and no significant changes to the forecast methodology since 
the 2018 LTRA.

Demand-Side Management: Manitoba Hydro does not have any demand-side manage-
ment resources that are considered controllable and dispatchable demand response. 
Manitoba Hydro does have EE and conservation initiatives used to reduce overall de-
mand in the assessment area, and the impact of the reductions are included in the 
load forecast.

Distributed Energy Resources: There are approximately 19 MW dc of solar DERs in 
Manitoba as of the end of March 2019. Most of the solar distributed resources were 
installed in the last two years under an incentive program that has ended. Even with 
high growth rates, Manitoba Hydro is not anticipating that the quantity of solar DERs 
in Manitoba would increase to a level that would cause potential operation impacts 
in the next five years. 

Generation: The 630 MW (net summer addition) Keeyask Hydro Generating Station 
is scheduled to come into service beginning in the winter of 2021–2022. The Keeyask 
hydro station has been under construction for several years and the major concrete 
work is now almost 90% complete. The completion of the Keeyask hydro station will 
help ensure resource adequacy in the latter half and after the end of the current 
assessment period. The additional hydro generation will support a related 250 MW 
capacity transfer into the MISO Region and an expected capacity transfer of 190 MW 
to SaskPower.

Brandon Unit 5 (100 MW nameplate), a coal-fired generator, was a confirmed retire-
ment effective August 2018. The driver of the retirement of Brandon Unit 5 was both 
environmental and end of lifespan. Pointe du Bois Units 3, 5, 7, and 11 (total of 15 
MW nameplate) were confirmed retirements effective August 2018 due to age and 
economic reasons. The retirement of these units did not result in adverse reliability 
impacts as the Reference Margin Level was maintained.

Capacity Transfers: The Manitoba Hydro system is winter peaking and is intercon-
nected to the MISO Zone 1 local resource zone, which includes Minnesota and North 
Dakota and is summer-peaking as a whole. Significant capacity transfer limitations from 
MISO into Manitoba may have the potential to cause reliability impacts but only if the 
following conditions simultaneously occur: extreme Manitoba winter loads, unusually 
high forced generation/transmission outages, and a simultaneous emergency in the 
northern MISO footprint. 

The additional hydro generation from Keeyask and the related 250 MW capacity trans-
fer into the MISO area will tend to increase north to south flows on the Manitoba-MISO 
interface. A 100 MW capacity transfer from Manitoba to Saskatchewan will tend to 
increase east to west flow on the Manitoba–Saskatchewan interface once the 230 kV 
Birtle to Tantallon line is in-service in 2021. An expected capacity transfer of 190 MW 
from Manitoba to Saskatchewan that begins in 2022 will also tend to increase east to 
west flow on the Manitoba–Saskatchewan interface.

Manitoba Hydro has coordination and tie-line agreements with neighboring assess-
ment areas, such as MISO, SaskPower, and IESO. In accordance with these agreements, 
planning and operating related issues are discussed and coordinated through respec-
tive committees.

Transmission: There are several transmission projects projected to come on-line dur-
ing the assessment period. Most of the projects are dictated by the need to expand 
the transmission system to reliably serve growing loads: transmit power to the export 
market, improve safety, improve import capability, increase efficiency, and connect 
new generation. The major system enhancement projects include the addition of a 
new 500 kV interconnection from Dorsey to Iron Range (Duluth, Minnesota) to come 
into service in 2020, and the addition of a new 230 kV line from Birtle to Tantallon to 
come into service in 2021. Some transmission projects have been delayed a few years 
due to lower than expected load growth in the local area.
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MRO-SaskPower
Saskatchewan is a province of Canada and com-
prises a geographic area of 651,900 square kilome-
ters (251,700 square miles) with approximately 1.1 
million people. Peak demand is experienced in the 
winter. The Saskatchewan Power Corporation (Sask-
Power) is the Planning Coordinator and Reliability 
Coordinator for the province of Saskatchewan and 
is the principal supplier of electricity in the prov-
ince. SaskPower is a provincial crown corporation 
and, under provincial legislation, is responsible for 
the reliability oversight of the Saskatchewan BES 
and its interconnections.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 3,846 3,881 3,923 3,946 3,968 3,930 3,955 3,973 3,995 4,031

Demand Response 85 85 85 85 85 85 85 85 85 85

Net Internal Demand 3,761 3,796 3,838 3,861 3,883 3,845 3,870 3,888 3,910 3,946

Additions: Tier 1 355 390 435 435 435 787 787 787 787 787

Additions: Tier 2 0 0 0 0 0 0 698 698 1,396 1,396

Additions: Tier 3 0 7 7 47 47 47 47 47 87 87

Net Firm Capacity Transfers 125 125 100 100 100 100 100 100 100 100

Existing-Certain and Net Firm Transfers 4,283 4,284 4,163 4,034 4,094 3,948 3,980 3,975 3,824 3,915

Anticipated Reserve Margin (%) 23.32% 23.14% 19.81% 15.75% 16.64% 23.16% 23.19% 22.49% 17.93% 19.16%

Prospective Reserve Margin (%) 23.32% 23.14% 21.14% 15.08% 15.96% 18.86% 36.96% 35.16% 41.11% 42.13%

Reference Margin Level (%) 11.00% 11.00% 11.00% 11.00% 11.00% 11.00% 11.00% 11.00% 11.00% 11.00%
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SaskPower Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Biomass 3 3 3 3 3 3 3 3 3 3

Coal 1,531 1,531 1,531 1,392 1,392 1,392 1,253 1,253 1,253 968

Geothermal 5 5 5 5 5 5 5 5 5

Hydro 862 862 862 862 862 862 862 862 862 862

Natural Gas 2,173 2,173 2,096 2,096 2,351 2,351 2,351 2,351 2,695 2,617

Other 3 3 3 3 3 3 3 3 3 3

Solar 0 0 0 0 0 0 0 0 0

Wind 49 51 86 126 166 204 244 284 324 363

Total 4,620 4,627 4,584 4,485 4,780 4,818 4,719 4,759 5,144 4,820

Highlights
•	 ARMs will remain above the Reference Margin Level (11%) throughout the assessment period. 
•	 Approximately over 1,000 MW of additional renewal capacity is projected over the assessment period. 
•	 A new 230 kV tie line with Manitoba Hydro is under construction to facilitate a 100 MW firm capacity/energy transfer.
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MRO-SaskPower Assessment
Planning Reserve Margins: SaskPower uses a criterion of 11% as the Reference Reserve 
Margin for resource adequacy. Saskatchewan has assessed its Planning Reserve Margin 
for the upcoming ten years while considering the summer and winter peak hour loads, 
available existing and anticipated generating resources, firm capacity transfers, and 
DR for each year. Saskatchewan’s ARM ranges from approximately 16%–29% and does 
not fall below the Reference Margin Level.

Demand: SaskPower’s system peak forecast is contributed by econometric variables, 
weather normalization, and individual level forecasts for large industrial customers. 
Average annual summer and winter peak demand growth is expected to be approxi-
mately 1% throughout the assessment period. 

Demand-Side Management: SaskPower’s EE and energy conservation programs in-
clude incentive-based and education programs focusing on installed measures and 
products that provide verifiable, measurable and permanent reductions in electrical 
energy, and demand reductions during peak hours. Energy provided from EE and de-
mand side management (DSM) programs are modeled as load modifiers and are netted 
from both the peak load and energy forecasts. A steady growth is expected on EE and 
conservation over the assessment period. SaskPower’s DR program has contracts in 
place with industrial customers for interruptible load based on defined DR programs. 
The first of these programs provides a curtailable load, currently up to 85 MW, with 
a 12-minute event response time. Other programs are in place that provide access to 
additional curtailable load, requiring up to two hours notification time. 

Distributed Energy Resources: The penetration level of DERs is currently very low (ap-
proximately 21 MW) therefore SaskPower does not anticipate operational challenges 
due to the DERs. The current penetration of DER solar PV is approximately 0.8% of 
the total load. It is estimated that the penetration would increase to approximately 
1% in the five-year horizon.

Generation: SaskPower is planning to add a total of 1,146 MW (nameplate capacity) 
Tier 1 generation, including two 353.5 MW combined-cycle natural gas turbines, 10 
MW solar PV, 5 MW geothermal, 387 MW wind, and 37 MW energy power purchase 
agreement (PPA) with a co-generation partner. SaskPower is planning for a 100 MW of 
firm import from Manitoba. A total 1,420 MW (nameplate capacity) of Tier 2 capacity 
additions includes 1,400 MW of combined-cycle natural gas turbines and 20 MW of 
solar. A total of 552 MW (nameplate capacity) of Tier 3 capacity additions includes 
50 MW of solar, 95 MW of flare natural gas, 7 MW biomass project, and 400 MW of 
wind generation. These additions are being planned to replace capacity retirements 
and meet emissions target as well as load growth and planning reserve requirements. 
The addition of future variable resources may require curtailing the resource and hav-

ing additional fast ramping capacity available from other resources, such as natural 
gas facilities, to follow the intermittency of the variable resource. SaskPower is not 
expecting long-term reliability impacts due to increased reliance on natural gas. A to-
tal of approximately 501 MW (nameplate capacity) is confirmed for retirements. The 
confirmed retirements include 25 MW firm import contract expiration with Manitoba 
Hydro, 278 MW of coal generation, 155 MW of steam generation, 21.2 MW of waste 
heat recovery generation, and 22 MW of wind generation. The timing of additional 
coal retirement (284 MW) over the assessment period is still unconfirmed and will be 
driven by regulatory time line, cost to retrofit with carbon capture technology, and 
the timing of the new natural gas facility. In addition, unconfirmed retirements also 
include 123 MW of natural gas facilities. Replacement resources are being planned 
before the retirements, so SaskPower is not expecting any long-term reliability impacts 
due to generation retirements.

Capacity Transfers: SaskPower has a contract in place for a firm 25 MW (until March 
2022) and a firm 100 MW (starting Summer 2021 and throughout the assessment 
period) capacity transfers from Manitoba Hydro, including supply source and transmis-
sion. A new 230 kV tie-line between Manitoba and Saskatchewan is currently under 
construction to facilitate the 100 MW capacity transfer. A further capacity transfer of 
190 MW from Manitoba is expected to start in Summer 2022. From a capacity and 
transmission reliability perspective, Saskatchewan has coordinated with Manitoba 
Hydro to ensure that the capacity transfer is correctly modelled in on-going operational 
and planning studies. Any planning or operating related issues are coordinated in ac-
cordance with the interconnection study agreements through respective planning and 
operating committees between SaskPower and Manitoba Hydro.

Transmission: SaskPower has several major transmission projects during the 1–5 year 
planning horizon of the assessment period. These projects are driven by load growth 
and reliability needs. It has recently completed construction of the three major trans-
mission lines with a total of approximately 270 km of 230 kV and 200 km of 138 kV 
transmission lines. Approximately 30 km of 230 kV transmission line is under construc-
tion, approximately 70 km of 230 kV transmission line is under planning phase, and 
approximately 195 km of 230 kV line is under conceptual phase. 
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NPCC-Maritimes
The Maritimes assessment area is a winter-
peaking NPCC subregion that contains two BAs. 
It is comprised of the Canadian provinces of New 
Brunswick (NB), Nova Scotia (NS), and Prince 
Edward Island (PEI), and Northern Maine (NM), 
which is radially connected to the New Bruns-
wick power system. The area covers 58,000 
square miles with a total population of 1.9 mil-
lion people.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 5,644 5,673 5,664 5,611 5,576 5,541 5,517 5,517 5,501 5,481

Demand Response 277 277 277 277 276 276 276 275 275 274

Net Internal Demand 5,367 5,396 5,388 5,335 5,300 5,265 5,242 5,241 5,226 5,207

Additions: Tier 1 5 27 50 50 50 50 50 50 50 50

Additions: Tier 2 0 0 0 0 0 0 0 0 0 0

Additions: Tier 3 9 9 9 9 9 9 9 9 9 9

Net Firm Capacity Transfers -69 -66 -149 0 0 0 0 0 0 0

Existing-Certain and Net Firm Transfers 6,565 6,568 6,485 6,632 6,630 6,630 6,630 6,520 6,518 6,518

Anticipated Reserve Margin (%) 22.41% 22.21% 21.29% 25.26% 26.03% 26.87% 27.44% 25.35% 25.67% 26.13%

Prospective Reserve Margin (%) 25.26% 22.31% 21.38% 25.35% 24.28% 24.57% 19.60% 17.51% 17.81% 18.24%

Reference Margin Level (%) 20.00% 20.00% 20.00% 20.00% 20.00% 20.00% 20.00% 20.00% 20.00% 20.00%
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Maritimes Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 1,695 1,695 1,695 1,695 1,695 1,695 1,695 1,695 1,695 1,695

Petroleum 1,858 1,858 1,876 1,875 1,872 1,872 1,872 1,872 1,870 1,870

Natural Gas 760 760 760 760 760 760 760 760 760 760

Biomass 153 153 153 153 153 153 153 153 153 153

Wind 209 222 227 227 227 227 227 227 227 227

Conventional Hydro 444 444 444 444 444 444 444 444 444 444

Run of River Hydro 902 902 902 902 902 902 902 792 792 792

Nuclear 660 660 660 660 660 660 660 660 660 660

Other 90 90 90 90 90 90 90 90 90 90

Total MW 6,771 6,784 6,807 6,805 6,803 6,803 6,803 6,693 6,691 6,691

Highlights
•	 Demand growth is effectively negligible over the duration of the 2019 LTRA analysis period. Any growth in demand has been offset by load reductions from 

demand-side management.
•	 The Maritimes Link, an undersea high-voltage direct current (HVDC) undersea cable connection to the Canadian province of Newfoundland and Labrador, 

began service in late 2017. This will allow for the mid-2020 retirement of a 153 MW coal-fired generator with an equivalent amount of firm hydro capacity 
imported through the link so that the overall resource adequacy is unaffected. 
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NPCC-Maritimes Assessment
Planning Reserve Margins: The reference Reserve Margin Level used for evaluating the 
NB, NS, PEI, and NM subareas comprising the Maritimes area is 20%. Existing certain 
and net-firm transfers and ARMs in the area do not fall below that level at any time dur-
ing the 10-year assessment period of this 2019 LTRA analysis. The Prospective Reserve 
Margins in the years 7 to 10 of the LTRA period range from 17.5%–19.6% as uncertain 
retirements occur with no replacement supply contracts currently in place to provide 
an offset. Anticipated replacement contracts or deferral of uncertain retirements will 
occur to meet the 20% reference level in Years 7 to 10.

Demand: There is no regulatory requirement for a single authority to produce a fore-
cast for the whole Maritimes area. The peak area demand occurs in winter and is highly 
reliant on the forecasts of the two largest subareas that are historically highly coinci-
dental (typically 97%–99%). Demand is determined to be the non-coincident sum of 
the peak loads forecasted by the individual subareas. The aggregated growth rates of 
both demand and energy for the combined subareas are practically flat over summer 
or winter seasonal periods of the LTRA assessment period. Peak loads are expected to 
increase by 1.5% during summer but decline by 3.6% during winter seasons over the 
10-year assessment period. This translates to average growth rates of 0.1% in summer 
and -0.4% in winter. Annual energy forecasts are expected to increase by a total of 0.3% 
during the 10-year assessment period for an average growth of 0.03% per year. Rural 
to metropolitan population migration and the introduction of split-phase heat pump 
technology to areas traditionally heated by fossil fuels has created load growth for the 
southeastern corner of the NB that has outpaced load growth in the rest the Maritimes 
area in recent years. It is expected that these effects will level off in the future.

Demand-Side Management: Plans to develop up to 120 MW by 2029–2030 of con-
trollable direct load control programs using smart grid technology to selectively inter-
rupt space and/or water heater systems in residential and commercial facilities are 
underway, but no specific annual demand and energy saving targets currently exist. 
During the assessment period, annual amounts for summer peak demand reductions 
associated with EE and conservation programs rise from 9 MW to 127 MW while the 
annual amounts for winter peak demand reductions rise from 72 MW to 632 MW.

Distributed Energy Resources: The current amount of distributed energy resources 
in the Maritimes area is currently insignificant at about 17 MW in winter. During the 
2019 LTRA period, additions of solar (mainly rooftop) resources in NS are expected 
to increase this value to about 215 MW. It is assumed that the capacity contribution 
during the peak is zero as generation occurs at times non-coincident with system peak 
(winter evenings). As more installations are phased in, operational challenges, such as 
ramping and light load conditions, will be considered and mitigation techniques will 
be investigated. 

Generation: Several small generators (about 90 MW aggregated) are scheduled to 
retire in NM and PEI during the 10-year LTRA analysis period. In NB, retirement of 
about 390 MW of natural-gas-fired generation and a further 28 MW petroleum fueled 
resource may happen as early as 2028 if sufficient load reductions from its internal 
reduce and shift demand programs occur to reliably allow their removal. NS will retire 
a 150 MW coal-fueled generator in 2020, provided capacity from the Muskrat Falls 
hydro-electricity project in the Canadian province of Newfoundland and Labrador are 
available to offset its removal. 

Small amounts of new generation capacity are being installed to introduce alterna-
tive renewable energy resources into the capacity mix. Except for hydro generation, 
renewable electricity standards (RESs) have led to the development of substantially 
more wind generation capacity than any other renewable generation type. In NS, 
the RES target for 2019 calls for 25% of energy sales to be supplied from renewable 
resources. This target increases to 40% of energy sales from renewable resources in 
2020. Currently the 25% target is being met primarily by wind generation, hydro, and 
biomass. For wind capacity, NPCC-Maritimes applies year-round calculated equivalent 
capacities of 22% (NB), 17% (NS), 15% (PEI), and 40% (NM) of nameplate.

Capacity Transfers: Probabilistic studies show that the Maritimes area is not reliant on 
interarea capacity transfers to meet NPCC resource adequacy criteria.

Transmission: Construction of a 475 MW +/-200 kV HVDC undersea cable link (Mari-
time Link) between Newfoundland and Labrador and NS was completed in late 2017. 
This cable, in conjunction with the construction of the Muskrat Falls hydro develop-
ment in Labrador, is expected to facilitate the unconfirmed retirement of a 150 MW 
(nameplate) coal-fired unit in NS by mid-2020. This unit will only be retired once a 
similarly sized replacement firm capacity contract from Muskrat Falls is in operation 
so that the overall resource adequacy is unaffected by these changes. The Maritime 
Link could also potentially provide a source for imports from NS into NB that would 
reduce transmission loading in the southeastern NB area.
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NPCC-New England
ISO New England (ISO-NE) Inc. is a regional trans-
mission organization that serves Connecticut, 
Maine, Massachusetts, New Hampshire, Rhode 
Island, and Vermont. ISO-NE is responsible for the 
reliable day-to-day operation of New England’s 
bulk power generation and transmission system, 
administers the area’s wholesale electricity mar-
kets, and manages the comprehensive planning of 
the regional BPS. The New England regional electric 
power system serves approximately 14.5 million 
people over 68,000 square miles.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 25,025 24,793 24,620 24,479 24,383 24,329 24,315 24,341 24,408 24,476

Demand Response 441 613 686 686 686 686 686 686 686 686

Net Internal Demand 24,584 24,180 23,934 23,793 23,697 23,643 23,629 23,655 23,722 23,790

Additions: Tier 1 111 159 252 252 252 252 252 252 252 252

Additions: Tier 2 71 427 1,100 1,854 2,065 2,329 2,329 2,329 2,329 2,329

Additions: Tier 3 539 1,085 1,587 3,825 3,872 3,978 4,543 4,543 4,543 4,543

Net Firm Capacity Transfers 1,622 1,247 1,188 81 81 81 81 81 81 81

Existing-Certain and Net Firm Transfers 32,399 31,676 30,991 29,899 29,925 29,943 29,957 29,969 29,979 29,991

Anticipated Reserve Margin (%) 32.24% 31.66% 30.53% 26.72% 27.34% 27.71% 27.84% 27.75% 27.44% 27.12%

Prospective Reserve Margin (%) 34.69% 35.61% 37.32% 36.72% 38.27% 39.78% 39.92% 39.82% 39.47% 39.12%

Reference Margin Level (%) 18.50% 18.00% 17.80% 17.80% 17.80% 17.80% 17.80% 17.80% 17.80% 17.80%
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New England Fuel Mix

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 914 531 531 531 531 531 531 531 531 531

Petroleum 6,519 6,519 5,937 5,937 5,937 5,937 5,937 5,937 5,937 5,937

Natural Gas 15,795 15,795 15,801 15,801 15,801 15,801 15,801 15,801 15,801 15,801

Biomass 932 932 929 929 929 929 929 929 929 929

Solar 41 80 105 105 105 105 105 105 105 105

Wind 163 171 171 171 171 171 171 171 171 171

Conventional Hydro 1,282 1,281 1,286 1,286 1,286 1,286 1,286 1,286 1,286 1,286

Pumped Storage 1,854 1,854 1,854 1,854 1,854 1,854 1,854 1,854 1,854 1,854

Nuclear 3,323 3,323 3,323 3,323 3,323 3,323 3,323 3,323 3,323 3,323

Other 5 5 5 5 5 5 5 5 5 5

Total MW 30,828 30,492 29,942 29,942 29,942 29,942 29,942 29,942 29,942 29,942

Highlights
The results of ISO-NE’s 2019 NERC LTRA show the following:

•	 New England has the resource base and transmission system needed to meet consumer demand for power during the study period.

•	 ISO New England has implemented near-term market and operational changes to address the Region’s energy-security risks while also discussing long-term market solu-
tions with regional stakeholders. 

•	 New England has implemented solutions that include enhancing operating procedures for confirming natural gas availability, improving communications and coordination 
with natural gas pipeline operators, and implementing a 21-day energy emergency forecast to address the fuel security issue. 

•	 Market-based solutions, currently under development, should promote additional fuel-supply chain measures, including firm contracts with natural gas supply and transmis-
sion to improve natural gas availability for power generation, the use of existing and new dual-fuel capability when natural gas supplies are limited, and adequate on-site 
storage and replenishment of liquid fuels to enhance dual-fuel power plant availability and reliability. 

•	 The development of renewable resources, EE and conservation, and expanded power imports combined with the continued investment in natural gas sector efficiency 
measures will help New England mitigate the identified fuel security risks.
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NPCC-New England Assessment
Planning Reserve Margins: ISO-NE’s Reference Margin Level is based on the capacity 
needed to meet the NPCC one day in 10 years LOLE resource planning reliability crite-
rion. The capacity needed, referred to as the ICR, varies from year-to-year depending 
on projected system conditions (e.g., demand, generation, transmission, imports). The 
ICR is calculated on an annual basis, four years in advance for each forward capacity 
market auction, and results in a Reference Margin Level of 18.4% in 2019, 18.5% in 
2020, and 18.0% in 2021 as expressed in terms of the 50/50 peak demand forecast 
published in May 2019. In this LTRA, the last calculated Reference Margin Level (17.8%) 
is applied for the remaining seven years of this LTRA forecast. ISO-NE’s ARM is expected 
to stay above the Reference Margin Level during the assessment period.

Demand: ISO-NE develops an independent demand forecast for its BA area by using 
historical hourly demand data from individual member utilities. This data is used to 
develop the regional hourly peak demand and energy forecasts. ISO-NE then develops 
a forecast of both state and system hourly peak and energy demands. The regional 
peak and state’s demand forecast is considered coincident. This demand forecast is 
the gross demand forecast. Annually, ISO-NE also forecasts the load reduction impact 
of BTM solar PV resources, and the reductions to peak demand and energy due to 
passive demand response programs that are comprised mostly of EE. EE in 2019 is 
2,913 MW and is forecast to grow to 3,706 MW by 2021 and increase to over 5,370 
MW by 2028. Nameplate BTM solar PV in 2019 is 2,011 MW and is forecast to grow 
to 2,589 MW by 2021 and increase to 4,185 MW by 2028. The BTM solar PV and EE 
forecasts are seen as reductions (net demand forecast) to the gross demand forecast.

ISO-NE is a summer-peaking electrical power system. The reference demand forecast 
is based on the reference economic forecast, which reflects the regional economic 
conditions that are expected to occur. Both the summer peak TID and the NEL are 
forecast to decrease from 2019 to 2028. The TID decreases from 25,323 MW in 2019 
to 24,408 MW in 2028. This amounts to a 9-year summer TID CAGR of -0.4%. The NEL 
is expected to decrease from 125,823 GWh in 2019 to 121,336 GWh in 2028, amount-
ing to an energy CAGR of -0.4%.

Demand-Side Management: On June 1, 2018, ISO-NE integrated price-responsive DR 
into the energy and reserve markets. Approximately 408 MW of DR participates in 
these markets and is dispatchable (i.e., treated similar to generators). Because of these 
changes, DR is no longer to be considered an “emergency resource” that is dispatched 
during actual of forecast capacity deficiencies under system operator emergency oper-
ating procedures. Within ISO-NE’s ICR calculations, DR availability is based on historical 
DR performance from the past five years. The summer performance of DR was 94% 
and the winter performance was 95%.

Distributed Energy Resources: New England has 160 MW (1,390 MW nameplate) of 
wind generation and 440 MW (1,206 MW nameplate) of BTM solar PV. Approximately 
10,950 MW (nameplate) of wind generation projects have requested generation in-
terconnection studies. BTM solar PV is forecast to grow to 1,051 MW (4,185 MW 
nameplate) by 2028. The BTM solar PV peak load reduction values are calculated as a 
percentage of ac nameplate. The percentages, which include the effect of diminishing 
solar PV production at time of the system peak as increasing solar PV penetrations 
shift the timing of peaks later in the day, decrease from 35.2% of nameplate in 2019 
to about 25.1% in 2028.

Generation: Generating capacity that has been added since the 2018 LTRA consists 
primarily of 860 MW nameplate of CC and GT units. Existing certain capacity for 2019 is 
30,602 MW. A total of ~1,093 MW of Tier 1 gas-fired capacity is projected to be added 
by 2022. Tier 2 capacity additions scheduled for 2021 include 2,039 MW of gas-fired, 
solar, and wind generation. In 2024, scheduled Tier 2 capacity additions total 6,148 
MW nameplate of the same types of technologies.

The combination of constrained natural gas pipelines during winter, indeterminate 
LNG and fuel oil deliveries, and upcoming planned retirements of nuclear and non-
natural-gas-fired generation, has prompted ISO-NE to undertake an operational fuel 
security analysis. This new reliability analysis that focuses on winter operations has 
predefined electric and natural gas sector topology and fuel supply assumptions that 
are used to gauge the impact that certain prolonged regional fuel infrastructure out-
ages have upon BPS reliability. To address reliability issues relating to fuel/energy 
security, FERC directed ISO New England to file tariff revisions by August 31, 2018, to 
address fuel security concerns in the near term and by July 1, 2019, to address fuel 
security concerns over the long term. 

Capacity Transfers: New England is interconnected with the three BAs of Quebec, 
Maritimes, and New York. ISO-NE takes into account this transfer capability to assure 
that their limits do not impact regional resource adequacy. ISO-NE’s FCM methodology 
limits the purchase of import capacity based on the interconnection transfer limits. 
ISO-NE’s capacity imports are assumed to range from 1,428 MW to 1,188 MW during 
the 2019 to 2022 period and decreasing to 81 MW for the remainder of the LTRA years 
since FCM has only secured resources through the 2022 period.

Transmission: There are a number of new projects planned and under construction 
that are needed to maintain transmission reliability; the most significant area of con-
cern is Boston. The Greater Boston transmission project has addressed many of these 
concerns, and most of the project is expected to be in service by December 2019 with 
the last component possibly delayed until June 2021. The second area that remains 
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a significant concern is the SEMA/RI area. This area has both import constraints and 
significant constraints on moving power within the area. Similar to the Boston area, 
system operators will be reliant on the out-of-merit dispatch of local resources and 
system reconfigurations to meet system needs. Solutions to address these time sensi-
tive operational needs in the Southeast Massachussetts and Rhode Island areas have 
been developed. 

Transmission reliability needs in the Greater Hartford–Central Connecticut area are be-
ing addressed with projects that are under construction or already in service. Projects 
to address reliability needs in Southwest Connecticut that are closely linked to the 
Greater Hartford-Central Connecticut project are also under construction or already in 
service. The Maine Power Reliability Program added significant 345 kV infrastructure 
that has already been completed and other parts of the project are now under con-
struction and expected to be in service by November 2018. In the past, New Hampshire 
and Vermont had been studied together. Reliability upgrades needed in Vermont are 
under construction. The New Hampshire portion upgrades are predominantly 115 kV 
and based within the Seacoast Region with an anticipated in-service date of December 
2019. In Western Massachusetts, a suite of reliability-based projects is almost complete 
in the Pittsfield/Greenfield area.

The electric power system in New England is undergoing a major transition. The own-
ers of traditional power plants—nuclear, coal, and oil-fired—are permanently closing 
many of these stations due to economic and environmental pressures. The majority of 
the Region’s electricity, both currently and for the foreseeable future, is likely to come 
from newer, more efficient natural-gas-fired generation and an array of renewable 
energy technologies, such as solar and wind powered generation. Both renewable and 
natural-gas-based generation technologies rely on the “just-in-time” delivery of their 
energy sources. Solar- and wind-based power inherently vary with the weather. Less 
obvious and of greater concern is the just-in-time delivery of natural gas from several 
interstate natural gas pipelines to the Region’s natural-gas-fired generating stations. 
During cold winter conditions, these natural gas pipelines rapidly reach full capacity 
with natural gas targeted for the space heating needs by natural gas utility (firm) cus-
tomers and are unable to fuel many of New England’s power plants. 

New England is currently fuel constrained, and this has been identified as the great-
est “reliability risk” to the area. Combined with the constrained gas pipelines during 
winter, the following factors have exacerbated the situation: 

•	 VERs (i.e., intermittent wind, solar, and hydro-electric resources) and natural-
gas-fired generators with infrastructure and operational limitations on their 
energy production are replacing traditional nuclear, coal, and oil-fired re-
sources that have the capability to stockpile their fuel on-site.

•	 Although new, incremental natural-gas-fired generation is being added to the 
fuel mix, the regional gas pipelines continue to have limited fuel deliverability 
for any power generators without firm natural gas transportation contracts.

•	 LNG deliveries to New England, which mandates importing foreign LNG due 
to Jones Act restrictions, are influenced by global economics and maritime 
transportation logistics. Importing LNG is uncertain without predefined firm 
supply contracts.

•	 Environmental permitting for new dual-fuel capability (typically, natural gas 
and fuel oil) is becoming more difficult under ever tightening state and federal 
air emissions regulations. Even when these units are granted permits, their 
run times for burning fuel oil are usually restricted to limit their overall ozone 
season (May 1–September 30) air emissions.

Giving the heightened priority to the regional fuel/energy security issue, FERC di-
rected ISO New England to submit “Tariff revisions reflecting improvements to its 
market design to better address regional fuel security concerns.”36 That directive arose 
amidst a contentious regulatory process involving shorter-term, out-of-market actions 
to bolster the Region’s (winter) fuel supplies by delaying the retirement of the large 
Mystic Generating Station in Everett, Massachusetts. This station is fueled solely by 
vaporized LNG from the Distrigas LNG Import Terminal located on the Mystic River, in 
Everett, Massachusetts.

In response to the FERC directive and to address regional energy security issues, ISO 
New England and its stakeholders are working to develop a new, three-part market 
based approach: a multi-day ahead market, new ancillary services, and seasonal for-
ward procurement, all scheduled for implementation in the 2024–2025 time frame. 

36  ISO New England Inc., 164 FERC 61,003 at PP 2,5 (2018)
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Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

NPCC-New York
The New York Independent System Operator (NY-
ISO) is the only BA within the state of New York. 
NYISO is a single-state ISO that was formed as the 
successor to the New York Power Pool—a consor-
tium of the investor-owned utilities and public 
power authorities—in 1999. NYISO manages the 
New York State transmission grid that encompasses 
approximately 11,000 miles of transmission lines 
and serves the electric needs of 19.5 million peo-
ple. New York experienced its all-time peak load of 
33,956 MW in the summer of 2013.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 32,202 32,063 31,971 31,700 31,522 31,387 31,246 31,121 31,068 31,115

Demand Response 904 904 904 904 904 904 904 904 904 904

Net Internal Demand 31,298 31,159 31,067 30,796 30,618 30,483 30,342 30,217 30,164 30,211

Additions: Tier 1 1,133 1,170 1,170 1,170 1,170 1,170 1,170 1,170 1,170 1,170

Additions: Tier 2 283 928 928 1,436 1,436 1,436 1,436 1,436 1,436 1,436

Additions: Tier 3 1,169 2,376 2,974 4,428 5,613 5,613 5,613 5,613 5,613 5,613

Net Firm Capacity Transfers 1,783 1,797 1,801 1,939 1,939 1,939 1,939 1,939 1,939 1,939

Existing-Certain and Net Firm Transfers 38,075 37,051 37,055 37,193 37,193 37,193 37,193 37,193 37,193 37,193

Anticipated Reserve Margin (%)* 25.27% 22.66% 23.04% 24.57% 25.29% 25.85% 26.43% 26.96% 27.18% 26.98%

Prospective Reserve Margin (%) 26.17% 25.64% 26.03% 29.23% 29.98% 30.56% 31.17% 31.71% 31.94% 31.74%

Reference Margin Level (%)** 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00%
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*Values with derated MW values for wind, solar, and run-of-river hydro 

**The NERC LTRA Reference Margin Level is 15%. Wind, grid-connected solar, and run-of-river totals were derated for this calculation. However, New 
York requires LSEs to procure capacity for their loads equal to their peak demand plus an installed reserve margin (IRM). The IRM requirement rep-
resents a percentage of capacity above peak load forecast and is approved annually by the New York State Reliability Council. The New York State 
Reliability Council approved the 2019–2020 IRM at 17.0%.
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New York Fuel Mix

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029
Coal 837 837 837 837 837 837 837 837 837 837

Petroleum 8,387 8,387 8,387 8,387 8,387 8,387 8,387 8,387 8,387 8,387

Natural Gas 18,067 18,086 18,086 18,086 18,086 18,086 18,086 18,086 18,086 18,086

Biomass 321 321 321 321 321 321 321 321 321 321

Solar 26 26 26 26 26 26 26 26 26 26

Wind 296 314 314 314 314 314 314 314 314 314

Conventional Hydro 3,322 3,322 3,322 3,322 3,322 3,322 3,322 3,322 3,322 3,322

Run of River Hydro 375 375 375 375 375 375 375 375 375 375

Pumped Storage 1,411 1,411 1,411 1,411 1,411 1,411 1,411 1,411 1,411 1,411

Nuclear 4,384 3,346 3,346 3,346 3,346 3,346 3,346 3,346 3,346 3,346

Total MW 37,424 36,424 36,424 36,424 36,424 36,424 36,424 36,424 36,424 36,424

NPCC-New York
Highlights

•	 The 2018–2019 reliability planning process finalized its second phase (i.e., the 2019–2028 Comprehensive Reliability Plan (CRP)) in July 2019. The CRP confirmed the 2018 
reliability needs assessment’s findings that there are no reliability needs throughout the 10-year study period (2019–2028). The base case assumptions include the retire-
ment of over 3,600 MW, including the Indian Point Energy Center (IPEC), and the addition of over 2,300 MW of new supply resources. 

•	 The CRP also includes, for information only and not action, a scenario assessment of the impacts to system reliability from the potential deactivation of all generators im-
pacted by the New York State Department of Environmental Conservation’s proposed rulemaking to control oxides of nitrogen emissions from simple cycle and regenerative 
combustion turbines (Peaker Rule). The rule may impact approximately 3,300 MW (nameplate) of simple cycle combustion turbines, mostly located in New York City (Zone 
J) and Long Island (Zone K), by 2025. For this scenario, the remaining coal plants in New York state were assumed to be retired based upon the New York State Department 
of Environmental Conservation rule setting carbon dioxide emission requirements for existing fossil-fueled generators. The simulation identified a system-wide resource 
adequacy deficiency and transmission security load pocket deficiencies in New York City and Long Island. 

•	 The ten-year annual average energy and demand projections are continuing to decline. The baseline forecast includes upward adjustments for usage of electric vehicles 
and downward adjustments for the impacts of EE trends, distributed energy resources, storage, and BTM solar PV.

•	 The NYISO Board of Directors selected projects under two public policy transmission planning processes, one for Western New York and second for Central New York and 
the Hudson Valley, which is known as the ac transmission need. When completed, these projects will add more transfer capability in Western New York and also between 
upstate and downstate New York. 

•	 Demand and consumption in NY are heavily influenced by state EE and renewable energy public policy programs, such as the Clean Energy Standard, which aims to produce 
70% of state-wide energy consumption from renewable resources by 2030.
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NPCC-New York Assessment
Planning Reserve Margins: The NYISO provides significant support to the New York 
State Reliability Council (NYSRC) that conducts an annual installed reserve margin (IRM) 
study. This study determines the IRM for the upcoming capability year (May 1 through 
April 30). The IRM is used to quantify the capacity required to meet the Northeast 
Power Coordinating Council (NPCC) and NYSRC resource adequacy criterion of a LOLE 
of no greater than 0.1 days per year. The IRM for the 2019–2020 capability year (May 
1 through April 30) is 17% of the forecasted NYCA peak load—all values in the IRM 
calculation are based upon full installed capacity values of resources. The IRM has 
varied historically from 15%–18.2%. Also, the NYISO is forecasting adequate installed 
capacity to meet the 0.1 days per year LOLE for all ten years of the Reliability Needs 
Assessment (2019–2028). 

Demand: The peak load forecast is based upon a model that incorporates forecasts of 
economic drivers, end use and technology trends, and normal weather conditions. The 
NYISO incorporates the impacts of EE and technology trends directly into the forecast 
model with additional adjustments for distributed energy resources, electric vehicles, 
and BTM solar PV. The baseline forecast includes upward adjustments for increased 
usage of electric vehicles and downward adjustments for the impacts of EE trends, 
storage, distributed energy resources, and BTM solar PV. The ten-year annual average 
energy growth rate is lower than last year (-0.27% per year in 2019 versus -0.14% in 
2018). The 10-year annual average summer peak demand growth rate is lower than 
last year (-0.39% per year in 2019 versus -0.13% in 2018). 

Demand-Side Management: The NYISO’s planning process accounts for DR resources 
that participate in the NYISO’s reliability-based DR programs based on the enrolled 
MW derated by historical performance. For 2019, the DR participation for the sum-
mer capability period has increased slightly to 1,315 MW. There are 116.5 MW of DR 
participating in ancillary services programs that provide 10-minute spinning reserves.

Distributed Energy Resources: The NYISO published a report in February 2017 pro-
viding a roadmap that will be used over the next three to five years as a framework 
to develop the market design elements, functional requirements, and tariff language 
necessary to implement the NYISO’s vision to integrate DERs into NYISO’s energy, ancil-
lary services, and capacity markets. The NYISO also published a market design concept 
paper in December 2017 and is currently in the process of implementing the market 
design of this initiative. BTM solar PV are currently being addressed operationally in 
the day-ahead and real-time load forecasts. A solar forecasting system to integrate 
with the day-ahead and real-time markets was implemented in 2017. In April 2019, 
NYISO stakeholders approved the market design and the proposed tariff changes. The 
NYISO is currently in the process of preparing to file the tariff changes with FERC and 
also preparing to implement the DER participation model in 2021. 

Generation: The NYISO completed a Generator Deactivation Assessment in 2017 re-
garding the deactivation of the Indian Point Energy Center Unit Nos. 2 and 3 (ap-
proximately 2,150 MW total in 2020 and 2021, respectively) that concluded that no 
generation deactivation reliability needs arise. The NYISO’s 2018 reliability planning 
process includes approximately 2,300 MW of proposed generation, including the 680 
MW CPV Valley Energy Center, which entered into service in 2018, and the 1,020 MW 
Cricket Valley Energy Center, which is expected to enter into service in 2020. 

Capacity Transfers: The models used for the NYISO planning studies include the firm 
capacity transactions (purchases and sales) with the neighboring systems as a base 
case assumption. The net MW seasonal values are also published in the NYISO’s Gold 
Book and include the yearly election of the unforced capacity deliverability rights and 
other firm capacity transactions made via the applicable processes.

Transmission: The 2018–2019 reliability planning process includes proposed trans-
mission projects, including the NextEra’s Empire State Line project selected under 
the Western NY Public Policy Transmission Planning Process, and transmission owner 
LTPs that have met the Reliability Planning Process inclusion rules. The NYISO Board 
of Directors also selected projects under the AC Transmission (2019) public policy pro-
cesses. When completed, these projects will add more transfer capability in Western 
New York and also between upstate and downstate New York. 
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Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

NPCC-Ontario
The Independent Electricity System Operator (IESO) 
is the BA and Reliability Coordinator for the prov-
ince of Ontario. In addition to administering the 
area’s wholesale electricity markets, the IESO plans 
for Ontario’s future energy needs. The province of 
Ontario covers more than 415,000 square miles and 
has a population of more than 14 million people. 
Ontario is interconnected electrically with Québec, 
MRO-Manitoba, states in MISO (Minnesota and 
Michigan), and NPCC-New York.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 22,094 22,372 22,649 22,819 23,128 23,307 23,195 23,289 23,723 24,186

Demand Response 794 794 794 794 794 794 794 794 794 794

Net Internal Demand 21,300 21,577 21,855 22,025 22,333 22,513 22,401 22,495 22,928 23,392

Additions: Tier 1 1,010 1,010 1,010 1,010 1,010 1,010 1,010 1,010 1,010 1,010

Additions: Tier 2 0 0 0 0 0 0 0 0 0 0

Additions: Tier 3 0 0 0 0 0 0 0 0 0 0

Net Firm Capacity Transfers 0 0 0 0 0 0 0 0 0 0

Existing-Certain and Net Firm Transfers 27,059 27,059 26,174 24,386 25,192 23,243 24,080 24,080 24,014 24,834

Anticipated Reserve Margin (%) 31.78% 30.09% 24.39% 15.31% 17.32% 7.73% 12.00% 11.54% 9.14% 10.49%

Prospective Reserve Margin (%) 31.78% 30.09% 24.39% 15.31% 17.32% 7.73% 12.00% 11.54% 9.14% 10.49%

Reference Margin Level (%) 26.39% 23.43% 23.30% 24.75% 20.07% 19.07% 23.40% 21.53% 21.58% 21.70%
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Ontario Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Petroleum 2,114 2,114 2,114 2,114 2,114 2,114 2,114 2,114 2,114 2,114

Natural Gas 7,435 7,435 7,429 7,435 7,435 7,429 7,435 7,435 7,429 7,435

Biomass 302 302 302 302 302 302 302 302 302 302

Solar 66 66 66 66 66 66 66 66 66 66

Wind 666 666 666 666 666 666 666 666 666 666

Conventional Hydro 6,107 6,107 6,107 6,107 6,107 6,107 6,107 6,107 6,107 6,107

Pumped Storage 120 120 120 120 120 120 120 120 120 120

Nuclear 11,258 11,258 10,380 8,585 9,391 7,449 8,279 8,279 8,221 9,033

Total MW 28,069 28,069 27,185 25,396 26,202 24,253 25,090 25,090 25,025 25,844

Highlights
•	 Projected reserve margin shortfalls in the later part of the LTRA horizon are a reflection of nuclear retirements and refurbishments and expiration of supply contracts.

•	 The DR auction is evolving into a broader and more competitive capacity acquisition mechanism to acquire off-contract resources and address capacity needs.

•	 Integration of distributed energy resources and changing demand and supply patterns are creating new operating challenges in managing the BPS while providing greater 
customer choice and opportunity to optimize grid reliability services. The IESO collaborates with local distribution companies to ensure it has visibility of their operations 
and is able to forecast their output over different time frames, study their impact on reliability, and coordinate their operations to ensure reliability.

•	 Several transmission projects are under development to enhance the reliability of the BPS and connect growing agricultural loads in the southwest of the province.
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NPCC-Ontario Assessment
Planning Reserve Margins: The ARMs fall below the Reference Margin level in the mid-
2020s. This is driven by nuclear retirements and the nuclear refurbishment program 
with the assumption that certain generation resources are not available once their 
generation contracts have expired. In calculating reserve margins, the IESO does not 
consider controlled actions or operating procedures in its adequacy assessments. The 
IESO is evolving its DR auction to include additional resource types, such as off-contract 
generators, storage, and imports into future capacity auctions to address supply needs 
in advance of 2023 and beyond. Other options include coordinating outages outside 
peak load seasons or periods of potential capacity shortages, the potential for more 
conservation, uprates to existing facilities, and consideration of non-firm imports.

Demand: Demand will experience gradual upward pressure from economic and de-
mographic growth. At the same time, structural changes in Ontario’s economy are 
changing its composition from an energy-intensive industrial economy to one that is 
more service-oriented. Further, the current provincially funded energy conservation 
programs are scheduled to end at the end of 2020. In Southwestern Ontario, expansion 
of the greenhouse and floriculture sector due to the move to year-round vegetable 
growth and, to a lesser extent, the legalization of cannabis, is expected to double the 
electricity demand in the Windsor-Essex area over the next five years. These combined 
factors translate into an overall increase in energy demand over the forecast horizon.

Demand-Side Management: Ontario has two DR programs: dispatchable loads and 
capacity auction acquired DR. The IESO’s Demand Response Working Group works 
with providers to evolve DR in the IESO-administered markets, including improving 
the utilization of DR in real time operations. The December 2018 DR auction procured 
818.4 MW for the six-month summer commitment period beginning on May 1, 2019, 
and 854.2 MW for the six-month winter commitment period beginning on November 
1, 2019.

Distributed Energy Resources: The IESO estimates total DERs in Ontario exceed 4,300 
MW, including over 3,400 MW of contracted resources. The IESO continues to col-
laborate with the DER community to enhance the reliability and efficiency of Ontario’s 
electricity grid. Although the output from DERs has plateaued, the need for more 
flexible generation to manage variability remains. Given that DERs are challenging to 
forecast, it can be difficult to efficiently commit non-quick-start resources or schedule 
transactions on the interties to manage supply and demand. Currently, to manage 
this variability, the IESO is initiating control actions such as committing dispatchable 
generation and curtailing intertie transactions.

Generation: Retirement of the Pickering Nuclear Generating Station (total capacity of 

approximately 3,000 MW) is expected by 2024. Nuclear refurbishments at Bruce and 
Darlington generating stations will reduce the generation capacity available over peak 
seasons. Ontario expects to add about 1,490 MW of new resources to the grid by 2020, 
including about 460 MW of wind, 900 MW of natural-gas-fired generation, 30 MW of 
hydroelectric, and 100 MW of solar. Substantial resource turnover is anticipated in the 
coming years that is driven by nuclear retirements, nuclear refurbishments, and the 
expiry of contracted resources. The availability of the nuclear fleet is a major resource 
turnover risk that requires additional attention.

Capacity Transfers: As part of the electricity trade agreement between Ontario and 
Quebec, Ontario will supply 500 MW of capacity to Quebec each winter from Decem-
ber to March until 2023. Ontario has the option to receive 500 MW of capacity from 
Quebec for one summer before 2030.

Transmission: A new 400–450 km long 230 kV double-circuit transmission line (the 
East–West Tie) is planned to come into service in 2021 to reinforce the connection 
of Northwestern Ontario to the rest of the provincial grid providing reliable and cost-
effective long-term supply to this area. In the Sudbury area, development work has 
been initiated to unbundle a double circuit in order to address the situation when one 
of the existing circuits is initially out of service and the loss of the companion circuit 
may result in voltage collapse in the local area. Planning is underway to reinforce the 
230 kV transmission lines between Richview Transformer Station (TS) and Manby TS 
by 2023 to increase the supply capability into the Central Toronto area. In the Wind-
sor–Essex area, two projects have been initiated: development of a new switching 
station at Leamington Junction to sectionalize and switch the four existing 230 kV 
circuits from Chatham to the Windsor area, expected in-service in the fourth quarter 
pf 2022; a new approximately 50-km double-circuit 230 kV transmission line to bring 
additional supply to the area by the fourth quarter of 2025. In the Ottawa area, a 
project has been initiated to upgrade circuits between Merivale TS and Hawthorne 
TS with a planned in-service date of December 2022. This project will address supply 
capacity constraints to West Ottawa and support the deliverability of capacity imports 
from Québec. Other system improvements that have been planned or are under study 
include the installation of 500 kV line-connected shunt reactors in Eastern Ontario to 
mitigate high system voltages under low demand/low transfer periods.
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NPCC-Québec
The Québec assessment area (Province of Québec) 
is a winter-peaking NPCC subregion that covers 
595,391 square miles with a population of eight 
million. Québec is one of the four NERC Intercon-
nections in North America with ties to Ontario, New 
York, New England, and the Maritimes. These ties 
consist of either HVDC ties, radial generation, or 
load to and from neighboring systems. 

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 39,657 40,359 40,704 40,889 41,130 41,284 41,209 41,432 41,667 41,867

Demand Response 2,748 3,186 3,460 3,807 4,072 3,973 3,720 3,750 3,784 3,792

Net Internal Demand 36,909 37,173 37,244 37,082 37,057 37,311 37,489 37,682 37,884 38,075

Additions: Tier 1 106 351 369 369 391 394 394 394 394 394

Additions: Tier 2 0 0 0 0 0 0 0 0 0 0

Additions: Tier 3 0 0 0 0 0 0 0 0 0 0

Net Firm Capacity Transfers -541 -499 -417 -145 -145 -145 -145 -145 -145 -145

Existing-Certain and Net Firm Transfers -268 -525 -523 -68 -40 -326 -566 -836 -1,111 -1,375

Anticipated Reserve Margin (%) 12.4% 12.4% 12.4% 13.6% 13.8% 13.0% 12.4% 11.7% 10.9% 10.3%

Prospective Reserve Margin (%) 15.4% 15.3% 15.4% 16.6% 16.7% 16.0% 15.3% 14.6% 13.8% 13.1%

Reference Margin Level (%) 12.8% 12.8% 12.8% 12.8% 12.8% 12.8% 12.8% 12.8% 12.8% 12.8%
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Québec Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Petroleum 436 436 436 436 436 436 436 436 436 436

Natural Gas 0 0 0 0 0 0 0 0 0 0

Biomass 432 432 432 432 432 432 432 416 407 407

Wind 1,370 1,370 1,370 1,370 1,370 1,372 1,333 1,297 1,257 1,209

Conventional Hydro 38,689 38,689 38,708 38,708 38,730 38,730 38,730 38,730 38,730 38,730

Total MW 40,927 40,927 40,946 40,946 40,968 40,970 40,930 40,878 40,831 40,783

Highlights
•	 The ARM remains above the Reference Margin Level except for winter periods 2020–2021 to 2022–2023 and 2026–2027 to 2029–2030. However, the Pro-

spective Reserve Margin remains above the Reference Margin Level for all seasons and years during the assessment period.
•	 Approximately 430 MW of capacity additions are expected over the assessment period. The Romaine-4 hydro unit (245 MW) is expected to be fully opera-

tional by November 2021.
•	 A total of 500 MW of firm import capacity from Ontario is available to Quebec each winter through Winter 2022–2023 as part of an existing trade agree-

ment between Québec and Ontario.
•	 The 250-mile Chamouchouane to Montréal 735 kV Line is now in service.
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NPCC-Quebec Assessment
Planning Reserve Margins: The ARM is below the Reference Margin Level over the 
winter periods 2020–2021 to 2022–2023 and 2026–2027 to 2029–2030. However, the 
Prospective Reserve Margin remains above the Reference Margin Level for all seasons 
and years during the assessment period. Under the prospective scenario, a total of 
1,100 MW of expected capacity imports are planned by the Québec area. These pur-
chases have not yet been backed by firm long-term contracts. However, on an annual 
basis, the Québec area proceeds with short-term capacity purchases in order to meet 
its capacity requirements if needed.

Demand: The requirements are obtained by adding transmission and distribution loss-
es to the sales forecasts. The monthly peak demand is then calculated by applying load 
factors to each end-use and/or sector sale. The sum of these monthly end-use sector 
peak demands is the total monthly peak demand. The Quebec area demand forecast 
average annual growth is 0.8% during the 10-year period, similar to last year’s forecast. 

Demand-Side Management: The Québec area has various types of DR resources spe-
cifically designed for peak shaving during winter operating periods. The first type of DR 
resource is the interruptible load program that is mainly designed for large industrial 
customers; it has an impact of 1,719 MW on winter 2019–2020 peak demand. The 
area is also expanding its existing interruptible load program for commercial buildings, 
which will grow from 280 MW in 2019–20 to 515 MW by 2025–26. Another similar 
program for residential customers is under development and should gradually rise 
from 2 MW for Winter 2019–2020 to 621 MW for Winter 2028–2029. 

New dynamic rate options for residential and small commercial or institutional cus-
tomers will also contribute to reducing peak load during winter periods by 9 MW for 
Winter 2019–2020, increasing to 95 MW for Winter 2029–2030. Other dynamic rate 
options are not considered in the long-term forecast as their impact is not yet certain. 
These options will be accounted for as DSM resource for the Quebec area once suf-
ficient historical data is available to assess their impact.

Moreover, data centers specialized in blockchain applications, which are part of new 
developments in the commercial sector, are required to reduce their demand during 
peak hours at Hydro-Quebec Distribution’s request. Their contribution as a resource 
is expected to peak around 682 MW by Winter 2021–2022 and gradually decline to 
reach 173 MW at the end of the study period.

Finally, another DR resource consists in a voltage reduction scheme allowing for a 250 
MW peak demand reduction.

EE and conservation programs are integrated in the assessment area’s demand fore-
casts. 

Distributed Energy Resources: Total installed BTM capacity (solar PV) is expected to 
increase to more than 1,100 MW in 2029. Solar PV is accounted for in the load forecast. 
Nevertheless, since Quebec is a winter peaking area, DERs on-peak contribution ranges 
from 1 MW for Winter 2019–2020 to 24 MW for Winter 2029–2030. 

Generation: Work is underway on the Romaine-4 unit (245 MW) that is expected to be 
fully operational in November 2021. The refurbishment of the Rapide-Blanc generat-
ing station is expected to start next year. The integration of small hydro units also ac-
counts for 41 MW of new capacity during the assessment period. For other renewable 
resources, about 371 MW (134 MW on-peak value) of wind capacity has been added 
to the system in 2018 and 54 MW (20 MW on-peak value) is expected to be in service 
by 2026. Additionally, 89 MW of new biomass is expected to be in service by 2021.

The capacity contribution of wind resources at peak was revised from 30%–36% for 
most of the installed capacity, resulting in an increase of peak contribution by ap-
proximately 200 MW.

Capacity Transfers: Since 2011, the power transmission system has undergone signifi-
cant changes, including reduced consumption in the Côte-Nord area and the decom-
missioning of the Tracy and La Citière thermal and Gentilly-2 nuclear generating station. 
These changes have brought about an increase to the power flow on the lines of the 
Manic-Québec corridor toward the major load centers and decreased the reliability 
of the transmission system. Hydro-Québec is thus required to take steps in order to 
restore adequate transmission capacity to the corridor and maintain system reliability. 
After considering a number of scenarios, Hydro-Québec believes that the best solu-
tion is to build a new 735 kV line extending some 250 km (155 miles) between Micoua 
substation in the Côte-Nord area and Saguenay substation in Saguenay–Lac–Saint-
Jean. The project also includes adding equipment to both substations and expanding 
Saguenay substation. Commissioning of the new equipment is planned in 2022.

Transmission: Construction of the Romaine River hydro complex is presently under-
way. Romaine-4 (245 MW) will be integrated in 2021 at the Montagnais 735/315 kV 
substation. The Chamouchouane to Montreal 735 kV line is now in service and helps 
reinforce the transmission system to meet the Reliability Standards. The line (about 
400 km or 250 miles) extends from the Chamouchouane substation on the Eastern 
James Bay subsystem to Duvernay substation near Montréal. This project will reduce 
transfers on other parallel lines on the southern 735 kV interface, thus optimizing 
operation flexibility and reducing losses. 
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PJM
PJM Interconnection is a regional transmission 
organization that coordinates the movement of 
wholesale electricity in all or parts of Delaware, 
Illinois, Indiana, Kentucky, Maryland, Michigan, 
New Jersey, North Carolina, Ohio, Pennsylvania, 
Tennessee, Virginia, West Virginia, and the District 
of Columbia. PJM serves 65 million people and 
covers 369,089 square miles. PJM is a BA, Planning 
Coordinator, Transmission Planner, Resource Plan-
ner, Interchange Authority, Transmission Operator, 
Transmission Service Provider, and Reliability Co-
ordinator.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 150,870 151,547 152,253 152,854 153,435 153,988 154,494 155,107 155,891 156,689

Demand Response 9,127 9,118 9,178 9,198 9,243 9,280 9,315 9,343 9,387 9,433

Net Internal Demand 141,743 142,429 143,075 143,656 144,192 144,708 145,179 145,764 146,504 147,256

Additions: Tier 1 13,694 17,907 19,180 19,180 19,180 19,180 19,180 19,180 19,180 19,180

Additions: Tier 2 15,253 23,657 41,021 46,570 50,133 50,379 50,800 50,878 51,042 51,042

Additions: Tier 3 0 0 0 0 0 0 0 0 0 0

Net Firm Capacity Transfers 1,412 1,360 0 0 0 0 0 0 0 0

Existing-Certain and Net Firm Transfers 183,935 180,439 174,429 174,429 174,429 174,429 174,429 174,429 174,429 174,429

Anticipated Reserve Margin (%) 39.43% 39.26% 35.32% 34.77% 34.27% 33.79% 33.36% 32.82% 32.15% 31.48%

Prospective Reserve Margin (%) 50.19% 55.87% 64.94% 68.14% 69.98% 69.55% 69.29% 68.66% 67.92% 67.06%

Reference Margin Level (%) 15.90% 15.80% 15.70% 15.70% 15.70% 15.70% 15.70% 15.70% 15.70% 15.70%
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PJM Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 54,103 54,652 51,884 51,884 51,884 51,884 51,884 51,884 51,884 51,884

Petroleum 12,316 11,294 11,294 11,294 11,294 11,294 11,294 11,294 11,294 11,294

Natural Gas 84,514 87,532 87,559 87,559 87,559 87,559 87,559 87,559 87,559 87,559

Biomass 1,166 1,166 1,166 1,166 1,166 1,166 1,166 1,166 1,166 1,166

Solar 2,415 2,655 2,911 2,911 2,911 2,911 2,911 2,911 2,911 2,911

Wind 1,670 1,795 1,805 1,805 1,805 1,805 1,805 1,805 1,805 1,805

Conventional Hydro 3,133 3,133 3,133 3,133 3,133 3,133 3,133 3,133 3,133 3,133

Pumped Storage 5,229 5,229 5,229 5,229 5,229 5,229 5,229 5,229 5,229 5,229

Nuclear 31,653 29,511 28,609 28,609 28,609 28,609 28,609 28,609 28,609 28,609

Other 20 20 20 20 20 20 20 20 20 20

Total MW 196,217 196,987 193,609 193,609 193,609 193,609 193,609 193,609 193,609 193,609

Highlights
•	 ARMs do not fall below the Reference Margin Level for any year of the assessment period in PJM. The IRM for the delivery year beginning on June 1, 2019, is 16.0% and 

decreases to 15.7% for the 2022 delivery year.

•	 Natural-gas-fired generation capacity now exceeds coal.

•	 Natural gas plants totaling over 50,468 MW comprise 80% of the generation currently seeking capacity interconnection rights in PJM’s new services queue.

•	 A total of $2.1 billion of baseline transmission investment approved during 2018 continues to reflect a shift in the dynamics driving transmission expansion needed through 
study year 2025. Flat load growth, EE, generation shifts, and aging infrastructure drivers continue to shift transmission need away from large-scale, cross-system backbone 
projects towards projects focusing on transmission owner criteria.
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PJM Assessment
Planning Reserve Margins: The ARMs do not fall below the Reference Margin Level 
for any year of the assessment period in PJM. PJM performs an annual LOLE study to 
determine the IRM required, satisfying the ReliabilityFirst BAL-502-RFC-02 standard. 
This standard establishes the “one loss of load event in ten years” LOLE criterion. The 
IRM for the delivery year beginning on June 1, 2019, is 16.0% and decreases to 15.7% 
for the 2022 delivery year. The IRM is expressed as a percent above the annual peak 
demand forecast.

Demand: PJM produces an independent peak load forecast of total internal demand 
by using econometric regression models with daily load as the dependent variable and 
independent variables, including calendar effects, weather, economics, and end-use 
characteristics. The model is estimated with historical data back to 1998, and is used 
to produce a 15-year forecast for PJM transmission zones, locational deliverability 
areas and the RTO. 

Demand-Side Management: DR resources can participate in all PJM markets: capacity, 
energy, and ancillary services. PJM requires that PJM member third-party suppliers 
(curtailment service providers (CSPs)) bring these resources to PJM markets, and it 
is the responsibility of these CSPs to acts as market operating centers, relaying PJM 
instructions for load reductions in any of the markets to these resources. CSPs have 
the ability to participate in PJM’s reliability pricing model auctions up to three years 
in advance of the delivery year (PJM’s delivery year is June–May). CSPs registered an 
overall amount of 9,127 MW for the delivery year 2020–2021 to 9,433 MW in the 
2029/2030 delivery year.

Distributed Energy Resources: In early 2015, PJM developed a plan to incorporate dis-
tributed solar generation into the long-term load forecast after recognizing the grow-
ing market of solar installations. For the purposes of the long-term load forecast, PJM 
defines distributed solar generation as any solar resource that is not interconnected 
to the PJM markets. These resources do not go through the full interconnection queue 
process and do not offer as capacity or as energy resources. Furthermore, the output 
of these resources is netted directly with the load. PJM does not receive metered 
production data from any of these resources. 

Environmental Information Services, a wholly owned subsidiary of PJM Technologies, 
Inc., which is a subsidiary of PJM Interconnection, operates the Generation Attribute 
Tracking System. The generation data that the Generation Attribute Tracking System 
collects includes distributed solar generation that is behind the meter. Utilizing this 
collection of data, PJM estimates the amount of distributed solar generation in terms 
of dc nameplate capacity. 

Generation: PJM’s regional transmission expansion process (RTEP) continues to man-
age an unprecedented capacity shift driven by federal and state public policy and 
broader fuel economics, including new generating plants powered by Marcellus and 
Utica shale natural gas, new wind and solar units driven by federal and state renewable 
incentives, generating plant deactivations and market impacts introduced by demand 
resources and EE programs. 

Natural-gas-fired generation capacity now exceeds coal. Natural gas plants that total 
over 50,468 MW comprise 80% of the generation currently seeking capacity intercon-
nection rights in PJM’s new services queue. As for coal, if formally submitted deac-
tivation plans materialize, more than 27,000 MW of coal-fired generation will have 
deactivated between 2007 and 2021.

Capacity Transfers: PJM does not rely on significant transfers to meet resource ad-
equacy requirements. Maximum transfer into PJM would amount to less than 2% of 
PJM’s internal generation capability. Anticipated capacity does not get anywhere near 
2% at any time within this assessment period.

Transmission: The $2.1 billion of baseline transmission investment approved dur-
ing 2018 continues to reflect a shift in the dynamics driving transmission expansion 
needed through study year 2025. Flat load growth, EE, generation shifts, and aging 
infrastructure drivers—among others—continue to shift transmission need away from 
large-scale, cross-system backbone projects towards projects focusing on transmission 
owner criteria. PJM Board-approved projects in 2018 will address market efficiency 
congestion and solve localized reliability criteria violations. Plans reflect lower invest-
ment at 345 kV and above over the past four years and higher levels of transmission 
investment at 230 kV.

In recent years, reviews of existing infrastructure have identified the need for replace-
ment of equipment and structures due to aging. Many 500 kV lines were constructed 
in the 1960s while 230 kV and 115 kV lines date to the 1950s and earlier. Some TOs 
have added aging infrastructure to their planning criteria as part of their respective 
FERC Form No. 715 filings. Planning for aging infrastructure is not new to PJM. Spare 
500/230 kV transformers, 500 kV line rebuilds, and a number of other transmission 
enhancements to mitigate potential equipment failure risk are already an important 
part of PJM’s RTEP. The PJM operating agreement specifies that TO planning criteria 
are to be evaluated as a part of the RTEP process.
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SERC
On April 30, 2019, FERC issued an order formally 
approving the transfer of all registered entities in 
the Florida Reliability Coordinating Council (FRCC) 
Region to SERC by July 1, 2019. The integration of 
FRCC entities resulted in an additional SERC sub-
region and SERC assessment area for inclusion in 
NERC’s reliability assessments. SERC is a summer-
peaking assessment area that covers approximately 
308,900 square miles and serves a population es-
timated at 39.4 million. SERC is divided into four 
assessment areas: SERC- E, SERC-N, SERC-SE, and 
SERC-FL Peninsula. The SERC Region includes 36 
Balancing Authorities, 21 Planning Authorities, and 
4 Reliability Coordinators. 

Highlights
•	 Approximately 21 GW of utility-scale transmission BES-connected solar projects are expected in the interconnection queue 

over the next five years, developing mostly in SERC-E and FL Peninsula.

•	 Net capacity resources in the Region are expected to increase for the first five years of the ten-year planning horizon 
and gradually level out in the last five years with natural-gas-fired capacity additions largely offset by coal-fired capacity 
retirements.

•	 SERC is proactively addressing the impacts of increased renewable resources within the SERC footprint and identifying 
its risks through various forums.

•	 Across the SERC Region, member companies continue to build transmission, especially in the first five years of the assess-
ment period, to ensure a reliable interconnected power system.

Starting on the next page are summaries of the assessment areas that make up SERC.

SERC-E

SERC-C

SERC-FP

SERC-SE
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SERC-E

SERC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles
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Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 45,119 45,327 45,461 45,811 46,056 46,402 46,791 47,210 47,674 48,052

Demand Response 966 970 973 976 973 974 975 976 977 978

Net Internal Demand 44,153 44,357 44,488 44,835 45,083 45,428 45,816 46,234 46,697 47,074

Additions: Tier 1 624 702 1,249 1,285 3,061 3,097 4,435 5,773 7,613 7,613

Net Firm Capacity Transfers 191 530 530 530 530 530 530 530 530 530

Existing-Certain and Net Firm Transfers 54,153 54,561 54,632 54,697 54,703 54,703 54,703 54,471 53,345 53,345

Anticipated Reserve Margin (%) 24.06% 24.59% 25.61% 24.86% 28.13% 27.23% 29.08% 30.30% 30.54% 29.49%

Prospective Reserve Margin (%) 24.16% 24.68% 25.70% 24.96% 28.22% 27.33% 29.17% 30.39% 30.63% 29.58%

Reference Margin Level (%) 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00%
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SERC-E Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 15,552 15,552 15,552 15,552 15,552 15,552 15,552 15,552 14,422 14,422

Petroleum 1,532 1,532 1,532 1,532 1,532 1,532 1,532 1,464 1,464 1,464

Natural Gas 18,479 18,523 19,036 19,036 20,776 20,776 22,114 23,288 25,128 25,128

Biomass 164 164 164 164 164 164 164 164 164 164

Solar 447 447 447 447 447 447 447 447 447 447

Conventional Hydro 3,145 3,145 3,145 3,145 3,145 3,145 3,145 3,145 3,145 3,145

Pumped Storage 3,109 3,174 3,239 3,304 3,304 3,304 3,304 3,304 3,304 3,304

Nuclear 12,115 12,119 12,125 12,125 12,131 12,131 12,131 12,131 12,135 12,135

Other 44 78 112 148 184 220 220 220 220 220

Total MW 54,586 54,733 55,351 55,452 57,234 57,270 58,608 59,714 60,428 60,428

SERC
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SERC-C

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 41,076 41,327 41,593 41,724 41,868 41,861 42,008 42,221 42,410 42,576

Demand Response 1,967 1,896 1,847 1,817 1,815 1,815 1,815 1,815 1,815 1,815

Net Internal Demand 39,109 39,431 39,746 39,907 40,053 40,046 40,193 40,406 40,595 40,761

Additions: Tier 3 0 0 0 0 1,012 1,012 1,013 1,014 2,028 2,029

Net Firm Capacity Transfers 432 432 361 361 361 361 361 186 186 186

Existing-Certain and Net Firm Transfers 54,666 53,692 53,696 53,757 52,889 52,940 52,940 52,765 52,765 52,765

Anticipated Reserve Margin (%) 39.78% 36.17% 35.10% 34.71% 32.05% 32.20% 31.71% 30.59% 28.58% 27.35%

Prospective Reserve Margin (%) 46.31% 42.64% 41.52% 41.09% 38.41% 38.56% 38.06% 36.90% 34.83% 33.56%

Reference Margin Level (%) 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00%

SERC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles
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SERC-C Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 17,068 16,083 16,083 16,083 15,215 15,215 15,215 15,215 15,215 15,215

Natural Gas 22,408 22,408 22,408 22,408 22,408 22,408 22,408 22,408 22,408 22,408

Wind 334 334 334 334 334 334 334 334 334 334

Conventional Hydro 4,058 4,058 4,079 4,140 4,140 4,191 4,191 4,191 4,191 4,191

Pumped Storage 1,758 1,769 1,823 1,823 1,823 1,823 1,823 1,823 1,823 1,823

Nuclear 8,609 8,609 8,609 8,609 8,609 8,609 8,609 8,609 8,609 8,609

Total MW 54,234 53,260 53,334 53,396 52,528 52,579 52,579 52,579 52,579 52,579
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SERC-SE

SERC

Demand, Resources, and Reserve Margins (MW)

Quantity 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 47,655 48,040 48,169 48,246 48,514 48,750 48,302 47,401 47,536 48,011

Demand Response 2,466 2,638 2,638 2,638 2,605 2,598 2,591 2,591 2,592 2,593

Net Internal Demand 45,189 45,402 45,531 45,608 45,909 46,152 45,711 44,810 44,944 45,418

Additions: Tier 1 903 1,010 2,110 3,210 3,210 3,210 3,210 3,210 3,210 3,210

Additions: Tier 2 0 630 705 705 705 705 705 705 705 705

Additions: Tier 3 1,228 1,953 2,188 2,188 2,188 2,188 2,188 2,188 2,188 2,188

Net Firm Capacity Transfers -1,888 -1,930 -2,120 -2,306 -2,237 -2,216 -2,211 -2,209 -2,207 -2,204

Existing-Certain and Net Firm Transfers 59,801 59,768 59,578 59,392 59,461 59,470 59,475 59,477 59,479 59,482

Anticipated Reserve Margin (%) 34.33% 33.87% 35.49% 37.26% 36.51% 35.81% 37.13% 39.90% 39.48% 38.03%

Prospective Reserve Margin (%) 34.97% 35.89% 37.67% 39.44% 38.68% 37.96% 39.31% 42.11% 41.69% 40.22%

Reference Margin Level (%) 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00%

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles
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SERC-SE Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 17,910 17,910 17,910 17,910 17,910 17,910 17,910 17,910 17,910 17,910

Petroleum 961 961 961 961 961 961 961 961 961 961

Natural Gas 30,294 30,304 30,304 30,304 30,304 30,292 30,292 30,292 30,292 30,292

Biomass 341 341 341 341 341 341 341 341 341 341

Solar 2,032 2,139 2,139 2,139 2,139 2,139 2,139 2,139 2,139 2,139

Conventional Hydro 3,288 3,288 3,288 3,288 3,288 3,288 3,288 3,288 3,288 3,288

Pumped Storage 1,632 1,632 1,632 1,632 1,632 1,632 1,632 1,632 1,632 1,632

Nuclear 5,818 5,818 6,918 8,018 8,018 8,018 8,018 8,018 8,018 8,018

Other 315 315 315 315 315 315 315 315 315 315

Total MW 62,592 62,708 63,808 64,908 64,908 64,896 64,896 64,896 64,896 64,896

SERC
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SERC-FP

SERC

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 48,153 48,675 49,161 49,663 50,315 50,924 51,600 52,333 53,033 53,033

Demand Response 3,104 3,153 3,204 3,253 3,300 3,348 3,395 3,440 3,488 3,488

Net Internal Demand 45,049 45,522 45,957 46,410 47,015 47,576 48,205 48,893 49,545 49,545

Additions: Tier 1 2,935 3,955 6,781 8,855 9,551 10,033 12,224 13,040 13,393 13,427

Net Firm Capacity Transfers 1,356 1,082 1,107 1,132 1,132 1,132 1,032 1,032 1,032 1,032

Existing-Certain and Net Firm Transfers 53,514 52,634 50,635 49,707 49,343 49,303 48,892 47,869 47,705 47,705

Anticipated Reserve Margin (%) 25.30% 24.31% 24.93% 26.18% 25.27% 24.72% 26.78% 24.58% 23.32% 23.39%

Prospective Reserve Margin (%) 25.87% 24.87% 25.49% 26.73% 25.81% 25.25% 27.31% 25.10% 23.83% 23.90%

Reference Margin Level (%) 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00% 15.00%

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles
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SERC-FP Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 5,681 5,036 5,036 4,159 4,159 4,159 4,159 4,159 4,159 4,159

Petroleum 2,357 2,357 2,357 2,357 2,357 2,357 2,186 1,855 1,855 1,855

Natural Gas 39,903 40,584 39,685 41,342 41,463 41,463 43,474 43,439 43,277 43,277

Biomass 103 103 103 103 103 103 103 103 103 103

Solar 1,553 1,912 2,558 2,898 3,264 3,745 3,819 4,154 4,463 4,455

Conventional Hydro 44 44 44 44 44 44 44 44 44 44

Nuclear 3,637 3,657 3,657 3,657 3,657 3,657 3,657 3,657 3,657 3,657

Other 15 15 484 484 484 484 484 484 484 484

Total MW 53,291 53,706 53,921 55,042 55,530 56,010 57,925 57,894 58,041 58,033

SERC
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SERC Assessment
Planning Reserve Margins: ARMs range between 18%–31% across all assessment 
areas and do not fall below the 15% NERC Reference Margin Level. Additionally, 
all assessment areas maintain ten-year reserve margins above SERC’s internally 
calculated Reference Reserve Margin, using the metric of 0.1 days per year 
LOLE, of 14.4%.

Demand: Projected demand growth within the assessment areas have de-
creased to less than 1% over the years, with the exception of FL Peninsula with 
a growth rate of slightly above 1% (1.15%). Although some metro areas are 
experiencing higher growth rates compared to rural areas, entities report load 
reductions due to BTM distributed generation and appliance standards. These 
factors will continue suppressing the load in the future.

Demand Side Management: DR programs are minimal and vary among the 
assessment areas (e.g., summer load control, reserve preservation, voltage op-
timization, five minute, 60 minute, or instantaneous response). These programs 
are used to control peak demand. Throughout the year, entities monitor and 
evaluate each program’s operational functionality to determine effectiveness 
and ability to provide demand reduction. 
Distributed Energy Resources: Most of the DER growth in the Region has been 
solar. The queued amount of DERs connected to the non-BES, subtransmission 
system (e.g., roof-top solar, plug-in electric vehicles) is approximately 2,100 
MW. To date, there are no notable reliability impacts reported to the Region. 
However, the Region is working within its data collection processes to collect the 
appropriate level of data (i.e., MWs in the queue) so that these resources can 
be modeled and analyzed for potential impact to the system.
Generation: SERC entities have sufficient generation to meet demand over the 
period. New resources are expected, which include a combination of capacity 
purchases, new nuclear, natural gas, and combined-cycle units. Natural gas 
(47.4%), coal (26.5%), and nuclear (13.1%) generation are the dominant fuel 
types within the assessment areas. Hydro, renewables, and other fuel types 
(8%) are minimal. Entities within SERC will add approximately 3,700 MW of 
natural gas generation over the period. SERC-E will have an additional 2,200 
MW of nuclear additions available to meet demand in 2021. Overall, the as-
sessment areas will encounter 6,100 MW of net additions and retirements over 
within the next 10 years. Approximately 21 GW of utility-scale transmission 
BES-connected solar projects are expected in the interconnection queue over 
the next five years and are largely developing in SERC-E and FL-Peninsula. No 

reliability issues are expected within the assessment areas, but entities are 
continuing to monitor the impacts of solar generators as they are added to the 
interconnection queue. Entities are studying winter season impact of additional 
solar to the resource mix and load forecast. As more BTM solar generation is 
added, some entities anticipate becoming winter-peaking systems, providing 
additional motivation to enforce winter reserve margins.
Transmission: Across the SERC Region, entities continue to build transmission, 
especially in the first five years of the assessment period, to ensure a reliable 
interconnected power system. SERC entities are expecting a total of 862 miles 
(i.e., 450 miles of >100 kV, 340 miles of >200 kV, 12 miles of >300 kV, and 60 
miles of >60kV) of transmission additions over the period. These projects are in 
the design/construction phase and are projected to enhance system reliability 
by supporting voltage and relieving challenging flows. Other projects include 
adding new transformers (i.e., 345/138kV and 161/500kV), reconductoring 
existing transmission lines, and other system reconfigurations/additions to sup-
port transmission system reliability. Entities in SERC-N are currently construct-
ing a 500 kV sub- station to alleviate decreasing voltages and higher flows on 
lines caused by increased loads in the area. In addition, SERC-N is planning a 
500 kV substation that will support system reliability for a confirmed resource 
retirement. In addition, a new Static VAR Compensator is being planned for 
an existing 500 kV substation to support the stability of local generating units.
Entities coordinate transmission expansion plans during the Region’s annual 
joint model building and study efforts. These plans are also coordinated with 
entities external to the Region through annual joint modeling efforts within the 
Eastern Interconnection Reliability Assessment Group and the Multi-regional 
Modeling Working Group. In addition to these forums, several entities partici-
pate in open regional transmission planning processes driven by FERC Order 
890. Transmission expansion plans by most SERC entities are dependent on 
regulatory support at the federal, state, and local levels since the regulatory 
entities can influence the siting, permitting, and cost recovery of new trans-
mission facilities.
Entities do not anticipate any transmission limitations or constraints that cause 
significant impacts to reliability. However, limitations exist near generation sites 
in SERC-N and along the seams due to line loading and transfers on the trans-
mission system. Constraints will be mitigated by future transmission projects 
(e.g., new builds, reactor), generation adjustments, system reconfiguration, 
and/or system power purchases.
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Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

SPP
Southwest Power Pool (SPP) Planning Coordinator 
footprint covers 546,000 square miles and encom-
passes all or parts of Arkansas, Iowa, Kansas, Loui-
siana, Minnesota, Missouri, Montana, Nebraska, 
New Mexico, North Dakota, Oklahoma, South 
Dakota, Texas, and Wyoming. The SPP long-term 
assessment is reported based on the Planning Co-
ordinator footprint that touches parts of the Mid-
west Reliability Organization Regional Entity and 
the WECC Regional Entity. The SPP assessment 
area footprint has approximately 61,000 miles of 
transmission lines, 756 generating plants, and 4,811 
transmission-class substations and serves a popula-
tion of more than 18 million people.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 53,478 54,161 54,535 54,885 55,178 55,428 55,648 55,903 56,179 56,465

Demand Response 1,078 1,060 1,124 1,149 1,167 1,212 1,259 1,302 1,330 1,258

Net Internal Demand 52,401 53,102 53,411 53,736 54,011 54,216 54,389 54,602 54,849 55,206

Additions: Tier 1 0 300 300 300 300 300 300 300 300 300

Additions: Tier 2 2,500 2,500 2,500 3,150 3,150 3,150 3,150 3,150 3,150 3,150

Additions: Tier 3 2,354 33,311 49,344 54,431 63,940 64,013 64,013 64,013 64,013 64,013

Net Firm Capacity Transfers -303 -243 -141 -141 -96 -76 -76 -126 -126 -126

Existing-Certain and Net Firm Transfers 67,453 67,158 67,232 66,921 66,458 66,222 65,845 65,040 64,793 64,690

Anticipated Reserve Margin (%) 28.73% 27.04% 26.44% 25.10% 23.60% 22.70% 21.62% 19.67% 18.68% 17.72%

Prospective Reserve Margin (%) 32.45% 30.71% 30.09% 29.94% 28.42% 27.50% 26.40% 24.43% 23.42% 22.44%

Reference Margin Level (%) 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00% 12.00%
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Highlights
•	 SPP projects to maintain more than enough capacity to meeting the planning reserve requirement during the assessment time frame. 

•	 SPP continues to see significant increase in wind penetration and set new wind penetration levels and peaks in 2019.

SPP Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 23,985 23,765 23,766 23,765 23,492 23,492 23,493 23,024 22,840 22,840

Petroleum 1,446 1,446 1,446 1,446 1,446 1,446 1,376 1,376 1,325 1,325

Natural Gas 29,583 29,331 29,330 29,045 28,795 28,515 28,159 27,888 27,888 27,776

Biomass 25 25 25 25 25 25 25 25 25 25

Solar 179 179 179 179 179 179 179 179 179 179

Wind 4,359 4,359 4,359 4,359 4,359 4,359 4,359 4,359 4,359 4,359

Nuclear 1,944 1,944 1,944 1,944 1,944 1,944 1,944 1,944 1,944 1,944

Other 284 284 284 284 284 284 284 284 284 284

Total MW 61,805 61,333 61,334 61,048 60,525 60,245 59,820 59,080 58,845 58,733
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SPP Assessment
Planning Reserve Margins: The ARM does not fall below the Reference Margin Level 
of 12% for the entire ten-year assessment period. The Reference Margin Level is de-
termined by a probabilistic LOLE study.

Demand: SPP load peaks during the summer season; the 2019 load forecast is pro-
jected to peak at 53,218 MW, a projected increase compared to the previous year’s 
LTRA forecast for the 2019 summer season. SPP forecasts the non-coincident annual 
peak growth based on member submitted data over the 10-year assessment time 
frame. The current annual growth rate is approximately .06%.

Demand-Side Management: SPP’s EE and conservation programs are incorporated 
into the reporting entities’ demand forecasts. There are no known impacts to the SPP 
assessment area’s long-term reliability related to the forecasted increase in EE and DR 
across the assessment area. 

Distributed Energy Resources: SPP currently has approximately 250 MW of installed 
solar generating facilities. SPP Model Development, Economic Studies, and the Supply 
Adequacy working groups are currently developing policies and procedures around 
DERs. These policies will become effective during 2020 and will affect the SPP resource 
adequacy process. SPP resources adequacy staff are working to create a process that 
notifies SPP operations and the RC of new resources that are available outside of the 
SPP integrated marketplace mechanisms.

Generation: Since the 2018 LTRA, more 1,000 MW of nameplate capacity has been 
retired in SPP. The generation that has been retired over the past year has mainly 
been replaced with wind resources. The impact to the resource adequacy in the SPP 
is being assessed in the 2019 LOLE study. Currently, SPP is not expecting any long-term 
reliability impacts resulting from generating plant retirements. 

Capacity Transfers: The SPP assessment area coordinates with neighboring areas to 
ensure that adequate transfer capabilities will be available for capacity transfers. On 
an annual basis during the model build season, SPP staff coordinates the modeling of 
transfers between Planning Coordinator footprints. The modeled transactions are fed 
into the models created for the SPP planning process.

In April 2019, SPP and ERCOT executed a coordination plan that superseded the prior 
coordination agreement. The coordination plan addresses operational issues for co-
ordination of the dc ties between the Texas Interconnection and Eastern Interconnec-
tion, block load transfers, and switchable generation resources (SWGRs). Under the 
terms of the coordination plan, SPP has priority to recall the capacity of any SWGRs 
that have been committed to satisfy the resource adequacy requirements contained 
in Attachment AA of the SPP Open Access Transmission Tariff.37

Transmission: The SPP Board of Directors approved the 2018 Integrated Transmission 
Plan Near-Term Assessment and the 2019 SPP Transmission Expansion Plan Report.38 
Both reports provide details for proposed transmission projects needed to maintain 
reliability while also providing economic benefit to the end users.

37  SPP OATT: https://www.spp.org/spp-documents-filings/?id=18340
38  https://www.spp.org/documents/56611/2019%20spp%20transmission%20expan-
sion%20plan%20report.pdf

https://www.spp.org/spp-documents-filings/?id=18340
https://www.spp.org/documents/56611/2019%20spp%20transmission%20expansion%20plan%20report.pdf
https://www.spp.org/documents/56611/2019%20spp%20transmission%20expansion%20plan%20report.pdf
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Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Texas RE-ERCOT
The Electric Reliability Council of Texas (ERCOT) is 
the ISO for the ERCOT Interconnection and is lo-
cated entirely in the state of Texas; it operates as 
a single BA. It also performs financial settlement 
for the competitive wholesale bulk-power market 
and administers retail switching for nearly 8 mil-
lion premises in competitive choice areas. ERCOT 
is governed by a board of directors and subject to 
oversight by the PUC of Texas and the Texas legisla-
ture. ERCOT is a summer-peaking area that covers 
approximately 200,000 square miles, connects over 
46,500 miles of transmission lines, has over 650 
generation units, and serves 25 million customers. 
The Texas Reliability Entity (Texas RE) is responsible 
for the RE functions described in the Energy Policy 
Act of 2005 for the ERCOT Region.

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 76,845 78,824 80,590 82,506 84,121 85,732 87,345 88,913 90,426 91,914

Demand Response 2,251 2,231 2,231 2,231 2,231 2,231 2,231 2,231 2,231 2,231

Net Internal Demand 74,594 76,593 78,359 80,276 81,891 83,501 85,115 86,682 88,195 89,684

Additions: Tier 1 4,628 10,546 10,778 10,778 10,778 10,778 10,778 10,778 10,778 10,778

Additions: Tier 2 5,467 21,115 27,232 27,972 27,972 27,972 27,972 27,972 27,972 27,972

Additions: Tier 3 912 12,509 22,017 23,031 23,031 23,031 23,031 23,031 23,031 23,031

Net Firm Capacity Transfers 50 50 50 50 50 50 50 50 50 50

Existing-Certain and Net Firm Transfers 77,602 77,907 77,769 77,769 77,514 77,514 77,514 77,514 77,514 77,514

Anticipated Reserve Margin (%) 10.24% 15.48% 13.00% 10.30% 7.82% 5.74% 3.73% 1.86% 0.11% -1.55%

Prospective Reserve Margin (%) 18.68% 42.88% 47.20% 44.15% 41.00% 38.28% 35.66% 33.20% 30.92% 28.74%

Reference Margin Level (%) 13.75% 13.75% 13.75% 13.75% 13.75% 13.75% 13.75% 13.75% 13.75% 13.75%
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Highlights
•	 Relative to the 2018 LTRA, ERCOT’s ARMs are lower through 2020 but higher for 2021 through 2023. The near-term decrease is mainly due to a change in 

the reporting of capacity transfers across two dc ties connected to the SPP system and the cancellation or delay of planned generation projects.
•	 To incentivize more investment in plant maintenance and new generation capacity, the PUC of Texas directed ERCOT to make changes to the real-time operat-

ing reserve price adder methodology. These changes allow resource owners to earn greater operating reserve revenues as reserve capacity becomes scarce.
•	 Peak demand forecasts increased since last year, reflecting robust growth in oil and natural gas exploration activity in West Texas.
•	 ERCOT continues to see strong interest in solar and wind project development. There is currently 8,229 nameplate MW wind resources and 3,479 MW solar 

resources expected to be in service by the 2020 summer season based on developer reporting.
•	 ERCOT’s latest list of transmission projects includes the addition or upgrade of 2,347 miles of 138 kV, 345 kV transmission circuits, and 17,033 MVA of 

345/138 kV autotransformer capacity projects that are planned to be in service between 2019 and 2024.

Note: Generation interconnection queues in the ERCOT area are continually changing and the pace of queue entry has increased since tight conditions in late Summer 
2019. Data used in ERCOT ISO's December 5, 2019, Capacity, Demand and Reserves Report39 shows a higher future peak reserve range of 18%–13% versus 15%–8% 
in the LTRA for the years 2021 to 2024. Primary differences between this 2019 LTRA and the Capacity, Demand, and Reserves Report reflect a downward revision to 
the ERCOT load forecast of approximately 1%–1.5% with a marked increase in utility-scale solar expected in Summer 2021.

39 http://www.ercot.com/content/wcm/lists/167023/CapacityDemandandReserveReport-Dec2019.pdf

Texas RE-ERCOT Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 14,225 14,225 14,225 14,225 14,225 14,225 14,225 14,225 14,225 14,225

Natural Gas 48,531 50,634 50,634 50,634 50,634 50,634 50,634 50,634 50,634 50,634

Biomass 186 186 186 186 186 186 186 186 186 186

Solar 3,949 6,885 7,072 7,072 7,072 7,072 7,072 7,072 7,072 7,072

Wind 6,272 7,536 7,581 7,581 7,581 7,581 7,581 7,581 7,581 7,581

Conventional Hydro 462 462 462 462 462 462 462 462 462 462

Nuclear 4,960 4,960 4,960 4,960 4,960 4,960 4,960 4,960 4,960 4,960

Total MW 78,585 84,887 85,119 85,119 85,119 85,119 85,119 85,119 85,119 85,119

http://www.ercot.com/content/wcm/lists/167023/CapacityDemandandReserveReport-Dec2019.pdf
http://www.ercot.com/content/wcm/lists/167023/CapacityDemandandReserveReport-Dec2019.pdf
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TRE-ERCOT Assessment
Planning Reserve Margins: The summer ARM falls below the Reference Margin Level 
of 13.75% for four of the first five summers of the assessment period and remains 
below it for the duration of the LTRA forecast period. Relative to the 2018 LTRA, the 
ARMs are lower through 2020 but higher for 2021 through 2023. The near-term drop 
in the reserve margin is mainly due to the cancellation or delay of planned genera-
tion projects, a relative increase in the forecasted summer peak demands, a change 
in the reporting of capacity transfers across two dc ties connected to the SPP system 
(described in more detail below), summer capacity rating decreases for a number of 
operational natural-gas-fired units, and the mothballing of a coal-fired plant.

Response to Lower Reserve Margins: In response to lower summer reserve margins 
and higher energy prices, ERCOT expects high availability of existing resources during 
2020 summer peak demand periods. To incentivize more investment in plant mainte-
nance and new generation capacity, the PUC of Texas directed ERCOT in January 2019 
to make a two-phased change to the real-time operating reserve price adder meth-
odology with the first phase already implemented for Summer 2019. These changes 
allow resource owners to earn greater operating reserve revenues as reserve capac-
ity becomes scarce. ERCOT also expects market responses in the form of temporary 
reductions in demand; for example, there are programs operated by ERCOT, retail 
electric providers, and distribution utilities that compensate customers for reducing 
their demand or operating their own generation in response to market prices and 
anticipated capacity scarcity conditions. In order to maintain system reliability, ERCOT 
has a series of emergency procedures that may be used when operating reserves drop 
below specified levels; examples include releasing load resource capacity qualified to 
provide responsive reserve ancillary service, requesting available emergency power 
across the direct current ties to neighboring grids, and requesting emergency support 
from available switchable generators currently serving non-ERCOT grids.

Demand: According to ERCOT’s latest long-term peak demand forecast that was pre-
pared in the fall of 2018, annual peak demand is expected to increase by a compound-
ed annual rate of 2.1% from 2019 through 2029. To compare this with the historical 
trend, the growth rate from 2002 through 2018 was 1.7%. This forecast is also higher 
than the forecast used for the 2018 LTRA mainly due to greater oil and natural gas 
exploration activity in the Permian Basin area of West Texas. ERCOT’s long-term load 
forecast is based on a set of models describing the hourly load in eight weather zones 
as a function of the number of premises in various customer classes (e.g., residential, 
business, industrial), economic variables, weather variables (e.g., heating and cooling 
degree days, temperature, cloud cover, wind speed, dew point), and calendar variables 
(e.g., day of week, holiday).

Demand-Side Management: The DSM forecasted for 2019 comes from dispatchable 
resources in the form of non-controllable load resources providing responsive reserve 
service (1,173 MW), emergency response service (809 MW, based on actual contracted 
capacity), and load management programs administered by transmission/distribution 
service providers (291 MW, based on initial projections provided by the TDSPs). These 
forecasts show a gross-up of 2–reflect avoided transmission line losses. For 2019 and 
beyond, ERCOT assumes that the load resource capacity amounts remain constant. The 
ERS capacity forecast declines to 788 MW for 2020 and then to 768 MW for 2021 and 
thereafter. These figures are based on a three-year historical compounded program 
growth rate along with the 2% gross-up. ERCOT develops its own EE forecast using 
annual reports of verified incremental peak load EE impacts from the Public Utility 
Commission of Texas and Texas State Energy Conservation Office.

Distributed Energy Resources: Installed solar DER capacity forecasted for the five-year 
horizon (ending 2024) is approximately 2,580 MW. This forecast is higher than the one 
used for the 2018 LTRA and reflects the use of an S-curve adoption model that replaces 
a flat annual growth rate approach used last year. ERCOT continues to advance several 
initiatives in 2019 intended to address DERs in operations and planning; a protocol 
revision request to establish location marginal price settlement rules was submitted 
in January. A protocol revision request to map existing registered DERs (>1 MW and 
importing into the grid) to the Common Information Model at their load points was 
approved in April. New requirements for reporting unregistered DERs below 50 kW 
in size were approved in May. ERCOT is also working on DER forecasting processes for 
day-ahead and real-time operations.

Generation: Since Summer 2018, 2,447 MW of utility-scale installed capacity has been 
approved for commercial operations in ERCOT. The percentage contributions by fuel 
type are wind at 47%, natural gas at 28%, and solar at 25%. In addition, 125 MW of 
incremental capacity due to upgrades at existing thermal units was also commercially 
approved during 2019. The 470 MW Gibbons Creek coal-fired unit was indefinitely 
mothballed, and the unit’s owner has subsequently notified ERCOT that it plans to 
retire the unit effective October 2019. ERCOT continues to see strong interest in so-
lar and wind project development; there is currently 8,229 nameplate MW of Tier 1 
wind resources and 3,479 MW of Tier 1 solar resources that are expected to be in 
service by the 2020 summer season based on developer reporting. ERCOT continues 
to implement enhancements to tools and processes to address increasing amounts 
of renewable generation on the ERCOT grid. ERCOT added intra-hour wind forecasting 
to its operations and is including five-minute wind ramp forecasts in its calculation of 
generation to be dispatched as part of security-constrained economic dispatch. This 
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change is intended to take the burden off of regulation service to cover the five-minute 
gain or loss of generation from variations in wind and instead dispatch this energy eco-
nomically. This change will also aid in reducing frequency recovery duration following 
events that occur during times with significant wind up and down ramps.

To estimate the amount of renewable capacity available to meet seasonal peak loads, 
ERCOT relies on average historical telemetered high sustained limits during the 20 
highest peak load hours for each season over a span of years specific to the renewable 
generation type. For wind, the historical period for averaging is 10 years for non-coastal 
resources (2009–2018) and nine years for coastal resources (2010–2018). For solar and 
hydro, the historical period is three years (2016–2018).

Capacity Transfers: For the 2019 LTRA, ERCOT is reporting 770 MW of ERCOT-SPP trans-
fer capability across two dc ties (out of a total of 820 MW) as expected imports from 
SPP and 50 MW as firm imports. This accounting approach recognizes SPP’s new re-
source adequacy requirement process implemented in 2019. Included in the expected 
imports amount is a forecast of 63 MW contributed by the three dc ties connected to 
the Mexican grid. Since ERCOT-SPP dc tie capacity has been handled as firm imports 
to ERCOT in past LTRAs, this change significantly impacts the calculation of Anticipated 
and Prospective Reserve Margins. Based on applying ERCOT’s own transmission and 
resource adequacy assessment assumptions, anticipated resources for Summer 2019 
would increase by 728 MW, resulting in an ARM of 8.6%. ERCOT’s dc tie planning as-
sumptions reflect a high probability that the ERCOT-SPP ties will continue to be used 
for importing energy at near their full rated capacities during peak load hours. 

Transmission: ERCOT’s latest list of transmission projects includes the addition or up-
grading of 2,347 miles of 138 kV and 345 kV transmission circuits and 17,033 MVA 
of 345/138 kV autotransformer capacity projects that are planned to be in service 
between 2019 and 2024. Due to continued strong load growth in West Texas, ERCOT 
recommended several large new transmission projects, including a new 345 kV loop 
between the Moss switch station and the Bakersfield station with six new 600 MVA 
345/138 kV autotransformers: two at Riverton switch station, two at Sand Lake sub-
station, and two at Solstice switch station. A related project will add two 250 MVAR 
STATCOMs in the area. The projects are expected to be in place prior to the 2021 
summer peak.
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WECC
WECC is responsible for coordinating and promot-
ing BPS reliability in the Western Interconnection. 
WECC’s 329 members, including 38 BAs, represent 
a wide spectrum of organizations with an interest 
in the BES. Serving an area of nearly 1.8 million 
square miles and approximately 82 million people, 
it is geographically the largest and most diverse of 
the NERC Regional Entities. WECC’s service terri-
tory extends from Canada to Mexico. It includes 
the provinces of Alberta and British Columbia in 
Canada, the northern portion of Baja California in 
Mexico, and all or portions of the 14 western states 
in between. The WECC assessment area is divided 
into six subregions: Rocky Mountain Reserve Group 
(RMRG), Southwest Reserve Sharing Group (SRSG), 
California/Mexico (CA/MX), the Northwest Power 
Pool (NWPP), and the Canadian areas of Alberta 
(WECC AB) and British Columbia (WECC BC). These 
subregional divisions are used for this assessment 
as they are structured around reserve sharing 
groups that have similar annual demand patterns 
and similar operating practices.

Highlights
•	 The Western Interconnection and all the individual subregions are expected to have sufficient generation to meet or 

exceed the Reference Margin Level during the assessment period. 

•	 The Los Angeles Basin in Southern California continues to be an area of short-term concern due to the reduced availability 
of the Aliso Canyon natural gas storage facility. WECC continues to study this in conjunction with CAISO and SoCalGas to 
assess the potential impacts to reliability for the Western Interconnection. 

•	 In 2018, the combined nameplate capacity of all utility-scale resources in the Western Interconnection was 258,200 MW. 
Approximately 1,300 MW of wind and solar capacity were added, and natural gas capacity increased by 900 MW. Different 
subregions of the West have different resource portfolios. Hydro units are dominant in the Northwest, while California 
and the Southwest rely heavily on natural gas. Solar units have become prevalent, especially in California, as wind capacity 
has grown in the Rock Mountains and along the Columbia River. 

•	 CAISO performed additional analysis that quantified the potential operational shortfall of meeting the 1-in-2 hourly forecast 
load plus 15% planning reserve margin. Investigating the expected generation production from available wind, solar, and 
hydro resources across a broader timeframe (i.e. 4:00 p.m. through 9:00 p.m. Pacific Daylight Time, capacity shortfalls 
were identified to be as high as 2,300 MW in 2020, 4,400 MW in 2021, and 4,700 MW in 2022).

Starting on the next page are summaries of the assessment areas that make up WECC.

WECC-AB

WECC-NWPP-US

WECC-BC

WECC-RMRG

WECC-CAMX

WECC-SRSG
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WECC-AB

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 12,018 11,707 12,144 12,260 12,321 12,113 12,231 12,345 12,814 12,945

Demand Response 0 0 0 0 0 0 0 0 0 0

Net Internal Demand 12,018 11,707 12,144 12,260 12,321 12,113 12,231 12,345 12,814 12,945

Additions: Tier 1 0 0 0 0 0 0 0 0 0 0

Additions: Tier 2 323 323 323 323 323 323 323 323 323 323

Additions: Tier 3 109 1,145 2,357 3,819 4,036 4,753 5,015 5,423 6,604 7,926

Net Firm Capacity Transfers 0 0 0 0 0 0 0 0 0 0

Existing-Certain and Net Firm Transfers 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896

Anticipated Reserve Margin (%) 23.95% 27.24% 22.66% 21.50% 20.90% 22.97% 21.79% 20.66% 16.25% 15.07%

Prospective Reserve Margin (%) 26.64% 30.00% 25.32% 24.14% 23.52% 25.64% 24.43% 23.28% 18.77% 17.57%

Reference Margin Level (%) 10.42% 10.36% 10.28% 10.21% 10.14% 10.05% 9.95% 9.88% 9.80% 9.73%
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WECC-AB Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 5,727 5,727 5,727 5,727 5,727 5,727 5,727 5,727 5,727 5,727

Natural Gas 7,735 7,735 7,735 7,735 7,735 7,735 7,735 7,735 7,735 7,735

Biomass 261 261 261 261 261 261 261 261 261 261

Wind 785 785 785 785 785 785 785 785 785 785

Other 78 78 78 78 78 78 78 78 78 78

Total MW 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896 14,896

WECC
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WECC-BC

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Total Internal Demand 11,468 11,649 11,828 12,027 12,251 12,430 12,594 12,758 12,965 13,161 13,374

Demand Response 0 0 0 0 0 0 0 0 0 0 0

Net Internal Demand 11,468 11,649 11,828 12,027 12,251 12,430 12,594 12,758 12,965 13,161 13,374

Additions: Tier 1 9 250 430 512 532 573 573 614 614 614 614

Additions: Tier 2 0 0 0 0 0 0 825 825 825 825 825

Additions: Tier 3 0 26 96 128 156 232 253 275 671 1,443 1,465

Net Firm Capacity Transfers 0 0 0 0 218 410 580 745 1,000 1,170 1,400

Existing-Certain and Net Firm Transfers 13,284 13,284 13,284 13,284 13,502 13,694 13,864 14,029 14,284 14,454 14,684

Anticipated Reserve Margin (%) 15.92% 16.19% 15.94% 14.71% 14.55% 14.78% 14.64% 14.78% 14.91% 14.49% 14.39%

Prospective Reserve Margin (%) 15.92% 16.19% 15.94% 14.71% 14.55% 14.78% 21.19% 21.24% 21.27% 20.76% 20.55%

Reference Margin Level (%) 10.42% 10.42% 10.36% 10.28% 10.21% 10.14% 10.05% 9.95% 9.88% 9.80% 9.73%
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WECC-BC Fuel Composition

Generation Type 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Natural Gas 434 434 434 434 442 442 442 442 442 442 442

Biomass 559 559 559 559 559 559 559 559 559 559 559

Wind 82 83 83 83 83 83 83 83 83 83 83

Conventional Hydro 12,207 12,446 12,626 12,708 12,720 12,761 12,761 12,802 12,802 12,802 12,802

Other 13 13 13 13 13 13 13 13 13 13 13

Total MW 13,294 13,534 13,714 13,796 13,816 13,857 13,857 13,898 13,898 13,898 13,898

WECC
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WECC-CAMX

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2029

Total Internal Demand 54,214 54,629 54,780 55,173 55,740 56,105 56,394 56,281 56,302 56,777 13,374

Demand Response 910 900 916 905 905 905 905 905 905 905 0

Net Internal Demand 53,303 53,729 53,864 54,268 54,835 55,200 55,489 55,376 55,397 55,872 13,374

Additions: Tier 1 92 470 485 491 941 946 952 1,172 1,172 1,172 614

Additions: Tier 2 2,032 2,046 2,046 2,046 2,046 2,046 2,046 2,046 2,046 2,046 825

Additions: Tier 3 0 0 0 0 0 0 0 0 0 0 1,465

Net Firm Capacity Transfers 659 1,427 817 1,216 2,020 2,945 3,050 2,995 3,033 3,560 1,400

Existing-Certain and Net Firm Transfers 62,371 62,383 61,773 62,121 62,481 63,110 63,215 63,095 63,133 63,660 14,684

Anticipated Reserve Margin (%) 17.18% 16.98% 15.58% 15.37% 15.66% 16.04% 15.64% 16.06% 16.08% 16.04% 14.39%

Prospective Reserve Margin (%) 21.00% 20.79% 19.38% 19.14% 19.39% 19.75% 19.32% 19.75% 19.77% 19.70% 20.55%

Reference Margin Level (%) 13.74% 13.87% 13.88% 13.84% 13.91% 13.87% 13.86% 13.89% 13.91% 13.89% 9.73%
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WECC-CAMX Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 1,473 1,473 1,473 1,423 1,423 1,423 1,423 1,423 1,423 1,423

Petroleum 242 242 242 242 242 242 242 242 242 242

Natural Gas 35,137 34,680 34,680 34,680 34,680 34,384 34,384 34,534 34,534 34,534

Biomass 1,014 1,036 1,036 1,036 1,036 1,036 1,036 1,036 1,036 1,036

Solar 10,090 10,146 10,162 10,167 10,173 10,178 10,184 10,189 10,189 10,189

Wind 1,097 1,097 1,097 1,097 1,097 1,097 1,097 1,097 1,097 1,097

Geothermal 1,176 1,176 1,176 1,176 1,176 1,176 1,176 1,176 1,176 1,176

Conventional Hydro 5,730 5,730 5,730 5,730 5,730 5,730 5,730 5,730 5,730 5,730

Pumped Storage 2,177 2,177 2,177 2,177 2,177 2,177 2,177 2,177 2,177 2,177

Nuclear 3,129 3,129 3,129 3,129 3,129 3,129 3,129 3,129 3,129 3,129

Other 539 539 539 539 539 539 539 539 539 539

Total MW 61,804 61,425 61,441 61,395 61,401 61,111 61,117 61,272 61,272 61,272

WECC
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WECC-NWPP-US

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2029

Total Internal Demand 51,855 51,806 52,489 52,762 52,967 53,263 53,481 53,830 54,091 54,690 13,374

Demand Response 629 653 658 650 652 662 662 676 666 667 0

Net Internal Demand 51,227 51,153 51,831 52,112 52,315 52,601 52,819 53,154 53,425 54,023 13,374

Additions: Tier 1 306 899 1,306 1,336 1,336 1,336 1,336 1,336 1,336 1,336 614

Additions: Tier 2 116 116 116 154 154 154 154 154 154 154 825

Additions: Tier 3 280 341 365 365 383 383 392 992 992 990 1,465

Net Firm Capacity Transfers 749 1,464 1,720 2,278 2,496 3,018 4,258 4,845 5,881 6,508 1,400

Existing-Certain and Net Firm Transfers 62,785 62,070 61,959 62,336 62,554 62,864 63,076 63,441 63,726 64,353 14,684

Anticipated Reserve Margin (%) 23.16% 23.10% 22.06% 22.18% 22.12% 22.05% 21.95% 21.87% 21.78% 21.59% 14.39%

Prospective Reserve Margin (%) 23.39% 23.33% 22.28% 22.48% 22.42% 22.34% 22.24% 22.16% 22.07% 21.88% 20.55%

Reference Margin Level (%) 15.70% 15.69% 15.95% 15.90% 15.84% 15.81% 15.63% 15.51% 15.50% 15.32% 9.73%
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WECC-NWPP-US Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 12,203 10,930 10,676 10,495 10,495 10,495 9,539 9,539 8,788 8,788

Petroleum 152 152 152 152 152 152 152 152 152 152

Natural Gas 20,212 20,162 20,049 20,049 20,049 19,837 19,765 19,543 19,543 19,543

Biomass 749 749 749 749 749 749 749 749 749 749

Solar 883 1,281 1,578 1,608 1,608 1,608 1,608 1,608 1,608 1,608

Wind 2,079 2,124 2,214 2,214 2,214 2,214 2,214 2,214 2,214 2,214

Geothermal 648 686 706 706 706 706 706 706 706 706

Conventional Hydro 24,042 23,947 23,947 23,947 23,947 23,947 23,947 23,947 23,947 23,947

Pumped Storage 199 199 199 199 199 199 199 199 199 199

Nuclear 1,130 1,130 1,130 1,130 1,130 1,130 1,130 1,130 1,130 1,130

Other 44 144 144 144 144 144 144 144 144 144

Total MW 62,342 61,506 61,545 61,394 61,394 61,182 60,154 59,932 59,181 59,181

WECC
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WECC-RMRG

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2029

Total Internal Demand 12,982 13,133 13,317 13,494 13,675 13,847 14,044 14,235 14,413 14,597 13,374

Demand Response 240 244 254 258 262 261 261 260 260 259 0

Net Internal Demand 12,742 12,889 13,063 13,236 13,413 13,586 13,783 13,975 14,153 14,338 13,374

Additions: Tier 1 53 77 100 100 100 100 100 100 100 100 614

Additions: Tier 2 4 199 199 411 411 411 411 411 411 411 825

Additions: Tier 3 14 103 103 103 103 103 103 103 103 103 1,465

Net Firm Capacity Transfers 0 0 0 0 0 51 497 750 1,270 1,474 1,400

Existing-Certain and Net Firm Transfers 15,972 15,884 15,884 15,559 15,559 15,610 15,721 15,934 16,144 16,348 14,684

Anticipated Reserve Margin (%) 25.76% 23.84% 22.36% 18.30% 16.75% 15.63% 14.79% 14.73% 14.77% 14.71% 14.39%

Prospective Reserve Margin (%) 25.80% 25.38% 23.88% 21.41% 19.81% 18.66% 17.77% 17.67% 17.68% 17.58% 20.55%

Reference Margin Level (%) 13.00% 12.00% 12.30% 12.46% 12.35% 12.26% 12.15% 11.54% 11.77% 11.69% 9.73%
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WECC-RMRG Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 6,398 6,398 6,398 6,073 6,073 6,073 5,738 5,738 5,738 5,738

Petroleum 155 155 155 155 155 155 155 155 155 155

Natural Gas 6,705 6,617 6,617 6,617 6,617 6,617 6,617 6,577 6,267 6,267

Biomass 3 3 3 3 3 3 3 3 3 3

Solar 180 204 227 227 227 227 227 227 227 227

Wind 774 774 774 774 774 774 774 774 774 774

Geothermal 0 0 0 0 0 0 0 0 0 0

Conventional Hydro 1,458 1,458 1,458 1,458 1,458 1,458 1,458 1,458 1,458 1,458

Pumped Storage 282 282 282 282 282 282 282 282 282 282

Other 70 70 70 70 70 70 70 70 70 70

Total MW 16,025 15,961 15,984 15,659 15,659 15,659 15,324 15,284 14,974 14,974

WECC
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WECC-SRSG

WECC

Planning Reserve Margins Existing and Tier 1 ResourcesProjected Transmission Circuit Miles

Demand, Resources, and Reserve Margins (MW)

Quantity 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2029

Total Internal Demand 24,571 25,221 25,647 26,136 26,515 26,885 27,633 27,902 28,444 28,785 13,374

Demand Response 144 144 144 144 144 144 144 144 144 144 0

Net Internal Demand 24,427 25,077 25,503 25,992 26,371 26,741 27,489 27,758 28,300 28,641 13,374

Additions: Tier 1 477 542 557 557 557 557 557 557 557 557 614

Additions: Tier 2 200 277 277 717 717 717 717 717 717 717 825

Additions: Tier 3 461 928 1,041 1,554 2,544 2,739 2,764 3,191 3,337 3,337 1,465

Net Firm Capacity Transfers 0 0 340 1,652 1,480 2,430 3,234 3,830 4,601 4,777 1,400

Existing-Certain and Net Firm Transfers 28,963 28,963 29,303 29,802 29,630 30,580 31,384 31,658 32,429 32,605 14,684

Anticipated Reserve Margin (%) 20.52% 17.66% 17.09% 16.80% 14.47% 16.44% 16.20% 16.06% 16.56% 15.79% 14.39%

Prospective Reserve Margin (%) 21.34% 18.76% 18.17% 19.56% 17.19% 19.12% 18.81% 18.64% 19.10% 18.29% 20.55%

Reference Margin Level (%) 10.00% 11.00% 11.00% 11.00% 11.00% 11.00% 9.00% 10.00% 10.00% 10.00% 9.73%
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WECC-SRSG Fuel Composition

Generation Type 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029

Coal 5,866 5,866 5,866 5,251 5,251 5,251 5,251 5,251 5,251 5,251

Petroleum 307 307 307 307 307 307 307 307 307 307

Natural Gas 18,070 18,070 18,070 17,872 17,872 17,872 17,872 17,550 17,550 17,550

Biomass 89 89 89 89 89 89 89 89 89 89

Solar 458 494 509 509 509 509 509 509 509 509

Wind 203 232 232 232 232 232 232 232 232 232

Geothermal 670 670 670 670 670 670 670 670 670 670

Conventional Hydro 747 747 747 747 747 747 747 747 747 747

Pumped Storage 120 120 120 120 120 120 120 120 120 120

Nuclear 2,859 2,859 2,859 2,859 2,859 2,859 2,859 2,859 2,859 2,859

Other 51 51 51 51 51 51 51 51 51 51

Total MW 29,440 29,505 29,520 28,707 28,707 28,707 28,707 28,385 28,385 28,385
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WECC Assessment
Planning Reserve Margins: The ARM does not fall below the Reference Margin level for 
any year for any of the assessment areas within WECC. WECC uses a probabilistic ap-
proach for determining Reference Margin Levels, holding a loss of load probability (LOLP) 
constant equal to 0.02% (approximately a 1-in-10 loss of load). WECC’s model determines 
what reserve margin must be held to maintain that fixed LOLP. Using this technique, 
WECC has a target reserve margin for every hour of the year that can be used to assess 
nonpeak conditions as well as peak conditions. For this assessment, WECC only reported 
the reserve margins at peak conditions.

Demand: Load forecasts are provided to WECC annually through the loads and resources 
data request by the 38 individual BAs. The BAs demand and energy forecast are based 
on expected population growth, economic conditions, and weather patterns. Forecasted 
demand is reduced for rooftop solar to reflect demand expected to be served by the 
LSE. The entities report their firm demand to WECC with various elements removed or 
modeled independently. These include BTM PV, energy efficiency, and DSM program 
totals. Electric vehicle penetration isn’t explicitly reported though it is imbedded into 
the firm demand in some instances. The underlying assumptions in firm demand are not 
reported to WECC. WECC staff uses monthly peak and energy data and a historic hourly 
“base curve” to generate an hourly demand curve (8,760 hours) for each BA for each 
year 1–10 (2020–2030). 

Demand-Side Management: A significant portion of the controllable DR/DSM programs 
within the Western Interconnection are associated with large industrial facilities, air con-
ditioner cycling programs, and water pumping—both canal and underground potable 
water for irrigation. These programs are created by LSEs that are responsible for their 
administration and execution when needed. In some areas, the programs are market 
driven (CAISO and AESO) and can be called upon for economic considerations. However, 
most areas in the Western Interconnection are not parties to organized markets, and 
DSM programs are approved by local authorities and used only for the benefit of the ap-
proved LSE. DSM programs in the Western Interconnection often have limitations such as 
limited number of times they can be called on and some can only be activated during a 
declared local emergency. Entities within WECC are not forecasting significant increases 
in controllable DR. 

Distributed Energy Resources: A significant portion of the controllable DR programs 
within WECC are associated with large industrial facilities, air conditioner cycling pro-
grams, and water pumping—both canal and underground potable water for irrigation 
use. These programs are created by LSEs that are responsible for their administration 
and execution when needed. In some areas, the programs are market driven (CAISO and 
AESO) and can be called upon for economic considerations. However, most areas in the 

Western Interconnection are not parties to organized markets, and DSM programs are 
approved by local authorities and used only for the benefit of the approved LSE. DSM 
programs in WECC often have limitations, such as limited number of times they can be 
called on and some can only be activated during a declared local emergency.

Generation: The results from this assessment indicate that all assessment areas are re-
source adequate in the short, near, and long term with their current resource portfolio 
plans. However, in November of 2018, the California public utilities commission (PUC) be-
gan inquiring about potential near- or medium-term reliability issues. Based on comments 
and the CPUC’s own analysis, the CPUC opened a procurement track within its integrated 
resource planning proceeding to address an estimated 2,000 MW capacity shortfall from 
the CPUC resource planning criteria of having sufficient capacity to meet 1-in-2 peak load 
plus 15% planning reserve margin.  In response, the ISO performed additional analysis and 
filed comments that quantified the potential operational shortfall of meeting the 1-in-2 
hourly forecast load plus 15% planning reserve margin. While investigating the expected 
generation production from available wind, solar, and hydro resources across a broader 
time frame (i.e. 4:00 p.m. through 9:00 p.m. Pacific), capacity shortfalls were identified 
to be as high as 2,300 MW in 2020, 4,400 MW in 2021 and 4,700 MW in 2022. As of 
October 21, 2019, the CPUC issued a revised proposed decision in the IRP procurement 
track proceeding to authorize 4,000 MW of incremental capacity by August 2023, request 
for extension of 3,750 MW of once-thru-cooled resources scheduled for retirement for 
a period of one to three years, and request temporary extension of Moss Landing facil-
ity to allow for the facility to meet its OTC compliance obligations.  The CPUC is seeking 
comments on its revised proposed decision with scheduled earliest consideration of the 
decision by the Commission being November 7, 2019.

The WECC 2028 anchor dataset is a combination power flow and production dispatch 
model with underlying assumptions (at least on the PCM side) that includes WECC-wide 
renewable portfolio standard (RPS) targets for the year 2028. The results of that base-
line scenario indicate that states with RPS targets meet their renewable goals without 
additional “gap” resources. The demand curves and resource portfolios used in that sce-
nario are similar to those used in this assessment. This Phase 2 dataset was finalized by 
WECC’s System Adequacy Planning department in June 2019. A reference case analysis 
of this dataset is currently under development and is not yet public. 

Various studies on this dataset are currently under development. Among them are con-
siderations of any potential short-term or long-term challenges associated with state 
RPS targets, significant penetration of electric vehicles, changes to system inertia with 
high renewable penetration, natural gas pipeline disruption, and system resiliency under 
extreme natural disaster. 

WECC
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Variable resource capacity availabilities are based on historic on-peak generation and 
are aggregated into an assessment area-wide “availability curves.” This process involves 
identifying the expected summer and winter peak hour for each assessment area and year 
and then applying the availability (percentage of on peak contribution) to the summer or 
winter rated/reported variable resource capacities. A formal methods and assumptions 
document is currently under development. 

WECC’s annual update of the base historical data leads to minor changes in availability 
curves, but the process itself has not changed for this 2019 LTRA. The method for count-
ing capacity contribution is the same for all resource tiers, but the variability in historic 
seasonal peak hour generation may produce different capacity contributions (availability 
factors) for each assessment year. 

WECC studies expected future study cases that include expected generation retirements. 
Although it is anticipated that older coal-fired resources will retire in coming years, it is 
not expected that there will be excessive unplanned retirements that cause a severe 
impact to reliability as these retirements would need approval from state PUCs or ISOs. 
Individual LSEs and BAs perform retirement studies to determine whether retirements 
are feasible or to determine the potential impacts to reliability. WECC also develops and 
compiles 11 base cases to be built for the current year study cycle. Those cases include 
heavy and light load scenarios that are used by the Transmission Planners and Planning 
Coordinators to study extreme retirement scenarios.

WECC is not a planning entity and does not approve or reject planned retirements. WECC 
does incorporate announced or reported planned retirements when creating datasets 
to be used in their planning models. Retirement of resources is not currently a major 
concern as ample generations exists in the Western Interconnection. Unexpected or ac-
celerated retirements could pose a concern; however, that is not an anticipated condition 
during the assessment period. 

The large geographic footprint of the Western Interconnection helps mitigate generation 
retirements with seasonal transfers from winter-peaking areas to summer-peaking areas 
and vice versa. Transfers are very common in the Western Interconnection. 

Capacity Transfers: WECC’s assessment process is based on system-wide modeling that 
aggregates BA-based load and resource forecasts by geographic subregions with con-
servatively-assumed power transfer capability limits between the zones. The resource 
adequacy assessment model calculates transfers between the zones limited to the lesser 
of excess capacity above the margin needed in the transferring zone or the conservative 
transmission limit. Resources that are physically located in one BA area but are owned by 
an entity or entities located in another BA’s geographic footprint are modeled as remote 
resources. These resources are modeled with transmission links between the resource 
zone and the owner’s zone that are limited to the owner’s share of the resource. This 

treatment allows the owner of the resource, and only the owner, to count the resource 
for margin calculations. Remote resources are transferred first in WECC’s modeling pro-
cesses and reduce the capacity available for modeled transfers. The reliability assess-
ments performed by WECC are done with conservative seasonal transfer limits. Therefore, 
the transfer limits included in the LTRA are studied at less than optimal levels and reflect 
limited and conservative transfers. Transfers with other regional councils, such as MRO 
and SPP, are not included in this assessment as this would require an assumption regard-
ing the amount of surplus or deficit generation in those councils.

Transmission: Transmission planning in the Western Interconnection is coordinated by 
five regional planning groups that create and periodically publish transmission expansion 
plans: Northern Tier Transmission Group, WestConnect, ColumbiaGrid, California ISO, 
and Alberta Electric System Operator. Several entities have proposed major transmission 
projects to connect renewable resources on the eastern side of the Western Intercon-
nection to load centers on the Pacific Coast to help satisfy renewable portfolio standards, 
particularly in California. These projects, however, are often subject to significant develop-
ment delays due to permitting and other issues. Currently, it is not anticipated that trans-
mission additions will be needed to maintain reliability in the Western Interconnection 
during the assessment period, but transmission additions will continue to interconnect 
renewable resources. Individual LSEs and BAs perform extreme weather scenario studies 
to determine the potential impacts to reliability. WECC develops the base case compila-
tion schedule that details the 11 cases to be built for the current year study cycle. Those 
cases include heavy and light load scenarios that are used by the Transmission Planner 
and Planning Coordinator to study various scenarios. 

The System Adequacy Planning department at WECC performs a series of scenarios analy-
sis utilizing production dispatch models to address concerns surrounding transmission 
limitations and/or constraints. 

The System Stability Planning department at WECC performs a series of scenario analysis 
by utilizing power flow software to address concerns surrounding dynamic and steady 
state, UVLS, UFLS, RAS, and short-circuit modeling. 

WECC’s study program, which incorporates analysis of PCM and PF models, is currently 
under development and includes the following scenarios: path rating process, changes 
to system inertia with high renewable implementation, natural gas pipeline disruption 
(most likely in year 10), significant electrification, and system resilience under extreme 
natural disasters.

WECC
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Demand Assumptions and Resource Categories

Demand (Load Forecast)

Total Internal Demand
This is the peak hourly load1 for the summer and winter of each year.2 Projected total internal demand is based on normal weather (50/50 distribution)3 and 
includes the impacts of distributed resources, EE, and conservation programs.

Net Internal Demand
This is the total internal demand reduced by the amount of controllable and dispatchable DR projected to be available during the peak hour. Net internal 
demand is used in all reserve margin calculations.

Load Forecasting Assumptions by Assessment Area

Assessment Area Peak Season Coincident / Noncoincident4 Load Forecasting Entity

MISO Summer Coincident MISO LSEs

MRO-Manitoba Hydro Winter Coincident Manitoba Hydro

MRO-SaskPower Winter Coincident SaskPower

NPCC-Maritimes Winter Noncoincident Maritimes Sub Areas

NPCC-New England Summer Coincident ISO-NE

NPCC-New York Summer Coincident NYISO

NPCC-Ontario Summer Coincident IESO

NPCC-Québec Winter Coincident Hydro Québec

PJM Summer Coincident PJM

SERC-E Summer Noncoincident SERC LSEs

SERC-C Summer Noncoincident SERC LSEs

SERC-SE Summer Noncoincident SERC LSEs

SERC-FP Summer Noncoincident FRCC LSEs

SPP Summer Noncoincident SPP LSEs

Texas RE-ERCOT Summer Coincident ERCOT

WECC-AESO Winter Noncoincident Individual BAs: aggregated by WECC

WECC-BC Winter Noncoincident Individual BAs: aggregated by WECC

WECC-CAMX Summer Noncoincident Individual BAs: aggregated by WECC

WECC-NWPP-US Summer Noncoincident Individual BAs: aggregated by WECC

WECC-RMRG Summer Noncoincident Individual BAs: aggregated by WECC

WECC-SRSG Summer Noncoincident Individual BAs: aggregated by WECC

1  Glossary of Terms Used in NERC Reliability Standards.
2  The summer season represents June–September, and the winter season represents December–February.
3  Essentially, this means that there is a 50% probability that actual demand will be higher and a 50% probability that actual demand will be lower than the value provided for a given season/year.

http://www.nerc.com/files/Glossary_of_Terms.pdf
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Resource Categories

NERC collects projections for the amount of existing and planned capacity and net capacity transfers (between assessment areas) that will be available during the forecast hour 
of peak demand for the summer and winter seasons of each year. Resource planning methods vary throughout the North American BPS. NERC uses the following categories to 
provide a consistent approach for collecting and presenting resource adequacy.

Anticipated Resources
•	 Existing-certain generating capacity: includes operable capacity expected to be available to serve load during the peak hour with firm transmission

•	 Tier 1 capacity additions: includes capacity that is either under construction or has received approved planning requirements

•	 Firm capacity transfers (Imports minus Exports): transfers with firm contracts

•	 Less confirmed retirements1 

Prospective Resources: Includes all anticipated resources plus the following:
•	 Existing-other capacity: includes operable capacity that could be available to serve load during the peak hour but lacks firm transmission and could be unavailable 

during the peak or a number of reasons

•	 Tier 2 capacity additions: includes capacity that has been requested but not received approval for planning requirements

•	 Expected (nonfirm) capacity transfers (imports minus exports): transfers without firm contracts but a high probability of future implementation

•	 Less unconfirmed retirements2 

1 Generators that have formally announced retirement plans. These units must have an approved generator deactivation request where applicable.
2 Capacity that is expected to retire based on the result of an assessment area generator survey or analysis. This capacity is aggregated by fuel type.
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Resource Categories

Generating Unit Status: Status at time of reporting:

•	 Existing: It is in commercial operation.

•	 Retired: It is permanently removed from commercial operation.

•	 Mothballed: It is currently inactive or on standby but capable for return to commercial operation. Units that meet this status must have a definite plan to return to 
service before changing the status to “Existing” with capacity contributions entered in “Expected-Other.” Once a “mothballed” unit is confirmed to be capable for 
commercial operation, capacity contributions should be entered in “Expected-Certain.”

•	 Cancelled: planned unit (previously reported as Tier 1, 2, or 3) that has been cancelled/removed from an interconnection queue.

•	 Tier 1: A unit that meets at least one of the following guidelines (with consideration for an area’s planning processes):

	▪ Construction complete (not in commercial operation)

	▪ Under construction

	▪ Signed/approved Interconnection Service Agreement (ISA)

	▪ Signed/approved Power purchase agreement (PPA) has been approved

	▪ Signed/approved Interconnection Construction Service Agreement (CSA)

	▪ Signed/approved Wholesale Market Participant Agreement (WMPA)

	▪ Included in an integrated resource plan or under a regulatory environment that mandates a resource adequacy requirement (Applies to Vertically Integrated 
Entities)

•	 Tier 2: A unit that meets at least one of the following guidelines (with consideration for an area’s planning processes):

	▪ Signed/approved Completion of a feasibility study

	▪ Signed/approved Completion of a system impact study

	▪ Signed/approved Completion of a facilities study

	▪ Requested Interconnection Service Agreement

	▪ Included in an integrated resource plan or under a regulatory environment that mandates a resource adequacy requirement (Applies to RTOs/ISOs)

•	 Tier 3: A units in an interconnection queue that do not meet the Tier 2 requirement
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Reserve Margin Descriptions

Planning Reserve Margins: This is the primary metric used to measure resource adequacy defined as the difference in resources (anticipated or prospective) and net 
internal demand divided by net internal demand, shown as a percentile.

Anticipated Reserve Margin: This is the amount of anticipated resources less net internal demand calculated as a percentage of net internal demand.

Prospective Reserve Margin: This is the amount of prospective resources less net internal demand calculated as a percentage of net internal demand.

Reference Margin Level: This is the assumptions and naming convention of this metric vary by assessment area. The Reference Margin Level a can be determined using both 
deterministic and probabilistic (based on a 0.1/year loss of load study) approaches. In both cases, this metric is used by system planners to quantify the amount of reserve 
capacity in the system above the forecasted peak demand that is needed to ensure sufficient supply to meet peak loads. Establishing a Reference Margin Level is necessary 
to account for long-term factors of uncertainty involved in system planning, such as unexpected generator outages and extreme weather impacts that could lead to increase 
demand beyond what was projected in the 50/50 load forecasted. In many assessment areas, a Reference Margin Level is established by a state, provincial authority, ISO/
RTO, or other regulatory body. In some cases, the Reference Margin Level is a requirement. Reference Margin Levels can fluctuate over the duration of the assessment 
period or may be different for the summer and winter seasons. If a Reference Margin Level is not provided by a given assessment area, NERC applies 15% for predominately 
thermal systems and 10% for predominately hydro systems.
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Recommendations Tracking Matrix

Issue Recommendation Responsible Action/Deliverable Time line
The ERO recognizes that the changing resource mix, shifting demands, and other factors 
can have a significant effect on resource adequacy. As a result, the ERO is incorporating 
more probabilistic methods and other analysis approaches to provide vital and rich insights 
to effectively assess reliability of the evolving systems with energy-limited and uncertain 
resources. While the ERO has historically gauged resource adequacy by using solely planning 
reserve margins focused at peak demand hour, the ERO will expand its use of probabilistic 
approaches in the 2020 LTRA to support assessment of resource and energy adequacy 
across all hours.

The ERO should enhance 
the Reliability Assessment 
process by incorporating 
energy adequacy metrics 
and evaluating scenarios 
posing the greatest risk.

ERO Staff

RAPA-SG Reliability and Se-
curity Technical Committee

Reliability Assessment Sub-
committee

Probabilistic Assessment 
Working Group

Enhancements incor-
porated in the 2020 
Long-Term Reliability 
Assessment 

Further enhancements 
incorporated in 2022 
Long-Term Reliability As-
sessment

Q4 2020

Q4 2022

As more resources are located on the distribution system, it is important that the ERO 
effectively communicates resource adequacy risk to its state and provincial stakeholders. 
The ERO’s independent and objective assessment is a valuable resource to regulatory and 
policy making stakeholders that are ultimately responsible for their jurisdictions’ resource 
adequacy and distribution systems. The changing resource mix creates new technical chal-
lenges that are complex and complicated, requiring even greater engagement and outreach. 
The ERO Enterprise, strengthened by NERC and RE engagement at the state and provincial 
levels, will amplify and enhance outreach toward providing guidance and information to 
support continued reliable operation of the BPS.

The ERO should increase 
its communication and 
outreach with state and 
provincial policy makers 
on resource adequacy 
risks and challenges.

ERO Staff Enhance and increase 
participation in NARUC 
and CAMPUT; work with 
ERO executive committee 
to coordinate NERC and 
Region outreach to state 
and provincial regulators

 Animated video shorts 
to help explain complex 
topics, such as resource 
and energy adequacy

Continuous

Q3 2020

Given the increased reliance on resources that have a higher level of fuel uncertainty than 
the previous fleet, system planners should identify potential system risks that could occur 
under extreme but realistic contingencies and under various future supply portfolios. Proper 
software applications and modeling are required to support system planners performing 
these studies.

The ERO should publish 
Reliability Guidelines, 
develop requisite tools, 
and validate models to 
establish common industry 
practices for planning and 
operating the BPS with in-
creasing energy limitations 
and disruption risks. 

ERO Staff 

Reliability and Security 
Technical Committee 

Electric-Gas Working Group

Publish Reliability Guide-
lines

Perform outreach with 
stakeholders

Q1 2020

Q2 2020
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Presently, concerns associated with ramping are largely confined to California. However, as 
solar generation increases in California and various parts of North America, system planners 
will need to ensure that sufficient flexibility is available to operators to offset variability and 
fuel uncertainty. 

Industry should identify, 
design, and commit flex-
ible resources needed to 
meet increasing ramping 
and variability require-
ments.

Industry Evaluate in future long-
term reliability assess-
ments

Continuous

As the penetration of DERs continues to increase across the North American BPS, it is 
necessary to account for DERs in the planning, operation, and design of the BPS. System 
operators and planners should gather data as early as possible about the aggregate techni-
cal specifications of DERs connected to local distribution grids to ensure accurate and valid 
system planning device and simulation models, load forecasting, coordinated system protec-
tion, and real-time situation awareness. In areas with large or emerging DER penetrations, 
current operational models and system studies do not properly account for DERs. These 
models and studies will need to be improved to accurately represent the system’s behavior. 

The ERO and industry 
need to work together 
to ensure system studies 
incorporate DER impacts.

ERO Staff 

Reliability and Security 
Technical Committee

System Planning Impacts 
from DER Working Group

Standards Committee

Publish DER Reliability 
Guideline

Consider PC-endorsed 
SAR for DER Data 

Publish white paper  ad-
dressing TPL Reliability 
Standard issues

Q1 2020

Q2 2020

Q2 2020

Electricity storage has the potential to offer much needed capabilities to the grid of the 
future. Based on data received in the resource information collected to support this as-
sessment, there will be an increase of BPS-connected storage in the future; this may even 
be accelerated if the conditions are right. Before this storage is built and integrated into 
the BPS, the ERO should identify, assess, and report on the risks and potential mitigation 
approaches to accommodate large amounts of energy storage on BPS reliability.

The ERO should assess the 
implications of electricity 
storage on BPS planning 
and operations.

ERO Staff

Reliability and Security 
Technical Committee

Publish Special Reliability 
Assessment on impacts, 
challenges, and oppor-
tunities in the large scale 
integration of electricity 
storage. 

Q4 2020

To accommodate large amounts of variable generation and to meet policy objectives associ-
ated with renewables in a reliable and economic manner, more transmission may be needed. 
For example, to meet the renewable energy requirements, transmission may be required to 
ensure that transfer of large amounts of energy can be supported when it becomes avail-
able. The ERO should assess and evaluate if the decreasing amount of transmission projects 
presents any future reliability risks or concerns. 

In future assessments, the 
ERO should assess chal-
lenges in transmission de-
velopment and reliability 
risks due to the changing 
resource mix.

ERO Staff

Reliability and Security 
Technical Committee

Reliability Assessment Sub-
committee

Conduct specific assess-
ment of issue within the 
2020 Long-Term Reliabil-
ity Assessment

Q4 2020
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